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Information technology is clearly a key component in all of
today’s new technology. As such, it is fundamental to the
process of solving the challenges faced by the hydrocarbon
industry. Saudi Aramco, being both a major player and a
technological leader in this industry, has a well-established
strategy in place to participate in driving both the develop-
ment and the implementation of advanced technology
applications. Saudi Aramco’s strategy is encapsulated in
the Intelligent Field (I-Field) initiative. The primary objec-
tives of this initiative are to enhance hydrocarbon recovery
through timely understanding of flow challenges, early and
efficient intervention, full-field optimization, reduction of
capital and operating costs and enhanced safety perfor-
mance through remote monitoring and alerts. 

As a first step in meeting these objectives, Saudi Aramco
is introducing the concept of “intelligent fields” through-
out its operations. By the year 2012, all fields, both exist-
ing and new, will have deployed permanent downhole and
surface sensors to monitor reservoir performance in real
time. This will allow any reservoir behavioral changes that
could impact recovery to be captured early, and also allow
appropriate remedial action to be taken in a timely and
efficient manner. 

Saudi Aramco’s I-Field development structure consists of
four major layers: surveillance, integration, optimization
and innovation. The surveillance layer provides continuous
monitoring of production- and injection-related informa-
tion and applies data-management tools and processes to
ensure usefulness of the data. The integration layer interro-
gates real-time data on a continuous basis to detect reser-
voir behavior trends and anomalies. The optimization layer
streamlines full-field optimization capabilities and field
management recommendations. Finally, the innovation
layer is a knowledge-management process that preserves
knowledge of events that trigger the optimization process
and corresponding actions throughout the life of the field. 

Real-time data, combined with historical field perfor-
mance data, will be utilized to react and make real-time
decisions on optimizing well production performance,
while ensuring maximum hydrocarbon sweep and recovery.
In this era of complex wells (multilaterals), where the fre-
quency of installing surface-controlled downhole valves is
on the rise, monitoring and controlling the flow from the
various laterals become critical to well performance and
long-term recovery. The level of well complexity, combined
with the high demand for hydrocarbon production, necessi-
tates close monitoring and quick response.

Saudi Aramco’s I-Field Initiative: From Concept to Implementation

This is best exemplified in new fields such as Qatif,
Haradh-III and Abu Hadriya-Fadhili-Khursaniyah that were
designed to be part of the I-Field initiative from an early
development stage. Qatif, Hawtah and Haradh-III are
already reaping the benefits of this initiative in terms of
timely interventions to optimize well rates and delay water
breakthrough. The Haradh-III project has capitalized on
maximum reservoir contact (MRC) well technology with 
32 MRC wells, intelligent well completions employing
downhole control valves for preventing premature water
breakthrough, and the I-Field concept integrating real-
time access to critical subsurface and surface data (see 
“Intelligent Completions—A Hands-Off Management
Style,” page 4). These factors allow the field to achieve
higher levels of optimization in field management, thereby
improving sweep and recovery, well beyond what was 
previously achievable.

The underlying benefit of the I-Field initiative, and all
associated intelligent technologies, is the positive impact
on both capital and operating costs. On the capital cost
side, improved long-term well performance from early and
efficient interventions will result in a reduction in the
number of wells drilled to maintain field potential and off-
set decline—and hence lower drilling cost. Real-time
data will also decrease the number of unnecessary well
interventions, thereby reducing operating cost and
enhancing safety.

Saudi Aramco, through its strategic I-Field initiative, 
is leveraging new technologies to enhance recovery and
improve sweep efficiency in its reservoirs. The company 
is on track to meet the ambitious goal of introducing full 
I-Field compliance by 2012.

Khaled O. Al-Subai
Manager, Northern Area Reservoir Management
Saudi Aramco
Dhahran, Saudi Arabia
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4 Intelligent Completions—A Hands-Off 

Management Style

Over the past decade, the reliability of technology for remotely
monitoring and controlling wells has dramatically improved.
Once viewed by operators as little more than an alternative 
to difficult rig-based interventions, intelligent well technology
has matured into a powerful reservoir management tool. Case
studies from the Gulf of Mexico, North Sea, the Middle East
and Africa demonstrate how intelligent wells may be used to
increase recovery rates, accelerate hydrocarbon production and
reduce water production. This article looks at the evolution of
intelligent wells and explains why the number of such installa-
tions is projected to increase fivefold in the next five years.

18 Optimizing Production from Reservoir to
Process Plant

Oil and gas fields are being transformed by new workflow 
technology that integrates asset simulations to accomplish 
system-wide tasks. This development not only produces better
economic outcomes but also is changing the structure of the
organizations that use it. Successful employment of this new
technology is illustrated by a variety of examples ranging from
revitalization of fields in the decline phase in Mexico and
India, to advanced control of new assets in the North Sea.
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30 Electric Submersible Pumps for 
Artificial Lift Intelligence 

Because wells with electric submersible pumps are already
equipped with downhole electric cables and protectors, they
are particularly good candidates for intelligent completion
technology. This article describes how and why an increasing
number of operators are adopting real-time remote monitoring
and control in new and mature, artificially lifted fields. 

34 The Big Picture: Integrated Asset Management

Downhole and surface sensors and instrumentation play
important roles in improving reservoir performance. Upstream
operators are installing new, sophisticated systems to facilitate
rapid exchange of production data and performance informa-
tion throughout their organizations. This article describes how
asset-management teams use these systems to make quicker,
better informed decisions that further company goals.
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A Hands-Off Management Style
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QUANTUM, USI (UltraSonic Imager) and WellNet are 
marks of Schlumberger.

First conceived as alternatives to costly or technically difficult interventions,

intelligent wells that can be monitored and controlled remotely have evolved into a

powerful reservoir management tool. Today, intelligent wells and instrumented fields

are aimed at increasing reserves and accelerating production. As a result, after

initially slow industry-wide uptake, their number is projected to increase fivefold in

the next five years as these installations continue to build a history of reliability. 

The upstream industry continues to confound
predictions of an imminent decline in oil
production by continually replacing produced
reserves. And many of these new reserves are a
result of innovation. Among the recent tech -
nological breakthroughs capable of adding
reserves, some experts believe intelligent
wells—those whose production zones can be
monitored and controlled downhole without
intervention—may be the most important. 

As those who argue the world is running out of
oil point out, other than a few sizable discoveries
in deep and ultradeep water and other remote
areas, newly discovered formations tend to be
smaller and harder to produce than those of the
past. As a consequence, the industry reserve-
recovery rate—the portion of original oil in place
that can be economically and technically brought
to the surface—hovers stubbornly at about 35%.1

Through real-time reservoir monitoring and
control, smart wells leverage maximum reservoir
contact and precise wellbore placement provided
by recent drilling and completion innovations
into significantly increased recovery rates and
accelerated production. 

In this article, we discuss the value-added
case for intelligent completions and focus on
their evolving role from a way to avoid rig-based
interventions to one that includes improved
reservoir management. Case studies from the
Gulf of Mexico, North Sea, Saudi Arabia and
Africa illustrate how intelligent wells can be used
to increase recovery less expensively, test the
potential of new discoveries and significantly
reduce water production. We also look at the
expanding scope of intelligent completions as
real-time monitoring and control are applied to
more efficient water-injection and gas lift wells. 

From Rigless Intervention to 
Reservoir Management 
At the heart of intelligent wells are surface-
actuated downhole valves, used to regulate flow
from individual zones or laterals, and permanent
downhole temperature and pressure sensors.
Conceptually, they are descendants of traditional
wireline- and coiled tubing-actuated flow control
valves. Those earlier versions use mandrels with
internal profiles matched to the external profile
of a shifting tool. Each valve of a series within the
wellbore has a unique profile that allows the
shifting tool to land only in a specific valve while
passing through the others. By changing 

1. Gao C, Rajeswaran T and Nakagawa E: “A Literature
Review on Smart Well Technology,” paper SPE 106011,
presented at the SPE Production and Operations
Symposium, Oklahoma City, Oklahoma, USA, March 31–
April 3, 2007.
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the profile of the shifting tool, the wireline
operator can choose the specific valve to open 
or close (left).

When wellheads are readily accessible, these
sliding sleeves are a relatively simple, low-risk
and inexpensive method for manipulating
multiple production zones accessed through a
single wellbore. But as subsea and extended-
reach completions began to proliferate in the
1990s, the traditional wireline solution became
economically and technologically problematic.
Dynamically positioned, deepwater support
vessels required to act as work platforms from
which to perform traditional well interventions
in these environs are expensive. And introducing
wireline or coiled tubing into wellbores through
wellheads located on the seafloor, perhaps

6 Oilfield Review

> Wireline- and coiled tubing-actuated flow
control valves. These devices use ported inner
sleeves in applications such as equalizing
pressure between an isolated formation and the
tubing string, spot acidizing and directing the
flow from the casing to the tubing in selective
completions. The sleeves may be configured
with unique landing nipple profiles to allow each
to be opened or closed selectively using a
shifting tool conveyed by standard wireline and
coiled tubing. The sliding sleeve is part of the
tubing string.

Ported
inner sleeve

> Tubing- and wireline-retrievable flow control valves. These intelligent flow control valves, unlike
their predecessors, do not require wireline or coiled tubing intervention to close, open or infinitely
adjust the flow area. Instead, they are remotely actuated through a hydraulic capillary tube (left) or, 
in the case of the electrical systems, through an electrical signal to electromechanical actuators (right).
Both valves shown are tubing-retrievable.

Hydraulic
capillary tube

Protecting
sleeve

Power supply cartridge

Sliding sleeve

Motor and communications electronics

Electromechanical actuator

Spring
cartridge

Choke

Tool cable head

Dual-arm transmission

Pressure and
temperature
gauges

thousands of feet beneath the ocean’s surface, is
far more complex, with much more risk than a
traditional entry through the top of a dry tree.
Similarly, accessing a valve thousands of meters
from a wellhead along a high-angle wellbore with
coiled tubing or slickline presents its own risk-
filled challenges.

One obvious answer to these problems is to
exchange mechanical intervention for surface-
actuated, hydraulic or electrical control. However,
for such a scheme to serve its purpose—that is, to
forestall interventions—the valves must possess
extraordinarily long life expectancies and high
reliability, with maintenance frequency measured
in years.

Unfortunately, four months after its
installation in 1998, the first remotely actuated
valve prototype failed. Nevertheless, the project
did demonstrate to the subsea industry the
feasibility of the system and its potential to
deliver significant value.2 Encouraged by this
partial success, manufacturers began turning out
increasingly reliable devices. For example,
Schlumberger now reports a 97% reliability rate
for its second-generation valves. Today, downhole
flow control valves range from those with simple
on-off controls to hydraulically actuated and
electrically controlled, infinitely variable-setting
chokes (below). These innovations permit
engineers to design valves that can be remotely
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adjusted within a range of cross-sectional flow
areas matched to a zone’s production profile.

While the initial objective of intelligent well
technology—extending well life—was effective,
that was not the most efficient use of the
technology. Instead, the technology’s true
promise, the industry has come to understand, is
best realized when intelligent wells are used as a
tool for maximizing reserves recovery. This change
in intelligent well identity—from intervention

avoidance to reser voir management tool—has
been greatly enhanced by the emergence of robust
downhole, permanent pressure and temperature
sensors capable of functioning in harsh
environments for extended periods of time (above
left). Their new role has also been furthered by
increased longevity, the result of more reliable
electrical connections that in the past had been a
weak link in downhole electronics. Today, fully
redundant, independently testable, mechanical
and fully welded connectors and splices 
have delivered a step-change improvement in
reliability (above right.). 

Because of these new technologies, moni -
toring today includes much more than pressure
and temperature data. Permanent downhole
multiphase flowmeters, seismic sensors and
electrodes have been included to deliver forma -
tion imaging away from the wellbore, and they are
all being connected through control centers that
facilitate almost instantaneous responses to
changing conditions. Data from these intelligent
completions are also used to continually enhance
and update production models and simulations,
perform and interpret production tests on
individual zones and laterals, predict sand and
water encroachment, and measure flow rate and
water cut.

Smart Choice
The advantages of reservoir monitoring and
control are obvious. For example, since wells
seldom cross only a single hydrocarbon-bearing
zone, completion engineers are often forced to
decide between commingling production from
multiple zones and producing each zone
sequentially. Historically, producing more than one
zone at a time has been an option only when the
zones are of compatible pressure and fluid
composition, and no regulatory concerns exist.
Two, three and sometimes four perforated
intervals also can be produced at the same time
through completions in which each zone is
mechanically isolated from the others and flowed
to the surface through separate production strings. 

Sequential production typically requires
flowing one zone to its economic limit before
plugging and abandoning it in order to move up
the hole to complete the next zone. This cycle is
then repeated until all zones have been depleted.
In almost all cases, this strategy leaves behind
considerable reserves and results in poor
production profiles because of extended periods
of depletion within each zone. 

2. Konopczynski M and Nielsen VJ: “Intelligent Completions:
A Decade of Innovation Revolutionizes the Industry,”
World Oil 228, no. 5 (May 1, 2007): 55–56.

> Permanent, real-time reservoir and
production monitoring systems. This six-gauge
WellNet oil and gas well surface-downhole
communication system was designed for use in
an ultradeepwater project offshore West Africa.
For redundancy, the gauges measure pressure
in the bottom and top zones and tubing internal
pressure. Schlumberger permanent quartz
gauges include welded cable-head connector
options to extend working life by providing
protection from corrosive liquids, shock,
vibration and tensile loads. A nonwelded head
provides three independent metal-to-metal
seals. Both types of gauges are rated for a 
10-year service life.

> Improved connections. Historically, the majority of monitoring system
failures have been attributable to fluid entering the assembly through cable
connections, usually at the gauge cable head. The Schlumberger Intellitite
electrical dry-mate connector shown here reduces the likelihood of such 
an event. It uses a standardized design and deployment technique for
connections—inline cable splices, gauge cable heads, single-gauge “Y”
connectors, and dual-gauge “T” and “W” connectors—in nonwelded and
welded designs. The nonwelded connector incorporates independent,
redundant metal-to-metal seals, and both connector types are tested at the
wellsite using an acoustic detection device. This eliminates operator reliance
on a visual gauge reading to verify the pressure integrity of the seal. 
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In contrast, using intelligent completions in a
sequential production scheme, which involves
opening and closing each zone remotely from the
surface, improves production by eliminating both
intervention costs and poor production profiles
(above). Variable-setting valves can also be used
to eliminate sequential production in favor of
commingling by managing flow from high-
pressure zones to prevent crossflow. For
example, in the Fourier-3 well of the Shell Na
Kika development in the Gulf of Mexico,
commingling production from three zones
resulted in a predicted recovery increase of 28%
over a sequential-completion scenario.3

This does not mean that intelligent comple -
tion technology guarantees added value
wher ever it is applied. Experience has shown
that the degree to which production is improved
by intelligent completions depends on such
factors as porosity and permeability distribution
within that reservoir. The decision to use
intelligent wells does not require every well in a
smart field to be an intelligent completion. The
operator must first ascertain that the reservoir
type in a given field is suitable for intelligent well
technology and then make a similar determin -
ation for each well planned for the field.

Candidate screening processes range from a
simple analytical approach to complex reservoir
simulation models. Given such inherent uncer -
tainties as reservoir characteristics, produced
fluid composition, well performance and
recovery efficiency, it is important to use a
stochastic rather than deterministic approach in
the screening process.4

General experience-based guides for
choosing an intelligent well strategy have
emerged over time. In a reservoir with uniform
permeability, for instance, remotely actuated
valves would seem, at first glance, to be an
effective tool for managing water influx and
therefore increasing well life and ultimate
recovery. But if the completion is to be set across
a relatively short interval within that reservoir,
an intelligent completion may not be
economically justified since a sufficiently uneven
fluid front may not develop.5 In other words, the
oil and water streams may not be sufficiently
distinct to allow control of one fluid flow stream
without affecting the other, and an intelligent
completion would be a waste of money.

While intelligent completions can be effective
in layered reservoirs, for obvious reasons they are
decidedly more efficient when the shale zone

separating the sands is contin uous and the seal
impermeable. Therefore, within the same layered
reservoir, some wells crossing reliably sealed
layers are well-served by intelligent completions.

One set of mathematical models developed for
candidate screening uses reservoir simulation
and well simulation techniques to generate a
comparative model of the benefits of intelligent
completions. Scenarios are created to generate
variances in reservoir performance affecting the
timing of events requiring intervention, reservoir
monitoring or reservoir management and are
often driven by geological uncertainty and
reservoir heterogeneity.6

In heterogeneous channel reservoirs, the
benefits of intelligent completions depend on
well performance, which, in turn, depends on
well placement with respect to the permeability
of the formation and connectivity of the
channels. That is because the effectiveness of
flow control valves depends on choking, which is
a function of high deliverability.7 By their nature,
however, the majority of heterogeneous
reservoirs benefit from intelligent completions
since their varying permeability and porosity
tend to create just the kind of fluid front that
variable-setting valves can best exploit.

Making the Data Work
Once the decision to use intelligent wells has
been made, reservoir engineers must optimize
the way they use their wealth of new data to
maximize the technology’s value. Strategies to
reduce the number of interventions and strate -
gies for basic flow control management to combat
water coning and gas breakthrough use only a
fraction of the data generated by today’s sophisti -
cated, permanent downhole and surface sensors.
Modern instruments generate data at such a
rapid pace, in fact, that engineers typically rely
on specially designed alarm systems to detect
changes in downhole conditions that they cannot. 

In the past, available software has been
challenged to handle this plethora of data in a
manner appropriate to such a broad concept as
production optimization. As a result, decisions
have historically been made in a fragmented way
that addresses various elements of the field, but

8 Oilfield Review

> Commingled versus sequential production. Production benefits of commin-
gling (red) over a sequential production strategy (blue) are demonstrated in
this Gulf of Mexico operator’s production curves. Two flow control valves
were installed in this well to control upper and lower producing zones. In
this instance, the operator used on-off controls to shut off production from
one zone when its water cut threatened net production; the result was about
28% increase over sequential production estimates.
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3. Glandt CA: “Reservoir Aspects of Smart Wells,” 
paper SPE 81107, presented at the SPE Latin American
and Caribbean Petroleum Engineering Conference, 
Port-of-Spain, Trinidad and Tobago, April 27–30, 2003.

4. Arashi A, Konopczynski M, Nielson VJ and Giuliani C:
“Defining and Implementing Functional Requirements 
of an Intelligent-Well Completion System,” paper 
SPE 107829, presented at the SPE Latin American 
and Caribbean Petroleum Engineering Conference, 
Buenos Aires, April 15–18, 2007.

5. Ebadi F, Davies DR, Reynolds M and Corbett PWM:
“Screening of Reservoir Types for Optimisation of

Intelligent Well Design,” paper SPE 94053, presented 
at the SPE Europec/EAGE Annual Conference, Madrid,
Spain, June 13–16, 2005.

6. Sharma AK, Chorn LG, Han J and Rajagopalan S:
“Quantifying Value Creation from Intelligent Completion
Technology Implementation,” paper SPE 78277,
presented at the SPE European Petroleum Conference,
Aberdeen, October 29–31, 2002.

7. Ebadi et al, reference 5.
8. Holland J, Oberwinkler C, Huber M and Zangl G:

“Utilizing the Value of Continuously Measured Data,”
paper SPE 90404, presented at the SPE Annual 

Technical Conference and Exhibition, Houston,
September 26–29, 2004.

9. Oberwinkler C and Stundner M: “From Real-Time Data 
to Production Optimization,” paper SPE 87008, presented
at the SPE Asia Pacific Conference on Integrated
Modeling for Asset Management, Kuala Lumpur, March
29–30, 2004.

10. Because neural networks learn from the data gathered
and detect underlying relationships, having more data
improves their ability to succeed. Once the underlying
relationship has been established, the neural networks
can be used for predicting specific events, giving the
engineer time to take proactive preventive measures.
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without a cohesive overall strategy. The solution is
to convert the abundant data into usable forms
through automated reservoir surveillance (ARS)
systems.8 ARS systems prepare data stored in a hub
for use by engineers at their desktops through data
cleansing, aggregation and detection.

Cleansing uses upper and lower limits to
remove unrealistic spikes in the data and can
remove about 80% of these anomalies from most
datasets. Aggregation transforms high-frequency
data arriving in increments of seconds or minutes
into manageable, 15-minute intervals. Detection
compares the data against thresholds set by
engineers or by modeled values. If a value is
outside the threshold, the ARS sets off an alarm. 

In addition to high-frequency data, daily and
monthly data can be integrated into a hub where
the same cleansing and detection actions are
performed, though in this case, because of its
infrequency, no aggregation is required. These
low-frequency data may include such variables as
oil and gas sales volume, well tests and
allocations. Collecting all data in one easily
accessible hub allows determination of the
appropriate time increments for different
software packages. 

Automation in this sense, then, should not be
confused with a system that manages a reservoir
without human intervention. Here, automation is
aimed at handling low-level processes that
otherwise would require a significant amount of
an engineer’s time but would add relatively little
value to the asset management process. Once the
parameters of cleansing, aggregation and
detection are established, the process transfers
the data to the appropriate software at the
designated time without human intervention
(see “Optimizing Production from Reservoir to
Process Plant,” page 18).

The second part of this automation process
involves comparison of measured and calculated
data in trends, models or thresholds; examples
are decline-curve trends, well models, numerical
reservoir models or thresholds of the injection-
withdrawal ratio. The ARS strategy was recently
applied in the Gulf of Mexico Medusa field in
Mississippi Canyon Blocks 538 and 582. Operated
by Murphy E&P, this development in 2,200 ft
[671 m] of water is designed for six producing
wells flowing to a spar platform. Schlumberger
engineers implemented an ARS to transfer 
high-frequency data automatically from the spar
to their onshore offices. The data were quality-
controlled and aggregated to 15-minute

incre ments for export to other software
applications. Additionally, automatic comparisons
between measured and calculated data from
trends, models or thresholds were made to
establish alarm parameters with which to alert
engineers of discrepancies. 

DECIDE! data mining based production
optimization software was used as the ARS
system backbone (below). Between the high-
frequency database offshore and the engineer’s
desk, the data hub connects the various
databases through stored links independent of
the time increment. As the data are cleansed and
aggregated, parameters of water cut, cumulative
production, gas/oil ratios and others are
calculated automatically in the background and
stored in the data hub. The ARS also allocates
the total produced volumes back to the
individual wells automatically using neural
networks, which are continuously calculating oil,
gas and water rates. Based on the input
parameters of their architecture, the output—in
this case, the production rates—can be
modeled.9 The neural networks can be used to
compare the well-test oil production with the
allocated oil production. The advantages of this
approach are speed and accuracy.10

> Abundant data. Engineers were anxious to monitor and control six
complex, subsea wells flowing to a single deepwater spar platform in the
Medusa field in the Gulf of Mexico. The significant amounts of high-
frequency, disparate data, however, would have made that impossible
without an automated reservoir surveillance system (ARS). Using the

Schlumberger DECIDE! module within ECLIPSE reservoir simulation
software as the ARS backbone, a data hub was created to connect the
various databases (DB) through stored links independent of the time
increment.

DECIDE!
data hub

Other
DB

Other
DB

Simulator

Well Test

DECIDE! Software

Offshore
real-time DB

Onshore
real-time DB

Raw High-Frequency Data

Engineer’s Desktop

Medusa Spar

More than
3,000 tags

Real time
600 tags

15 minutes
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The greatest value of an ARS system derives
from its ability to streamline an engineer’s 
work, saving time and labor. At Medusa, results
were typical and included better and faster 
data visualization, minimal data management

work for the petroleum engineer, closer
collaboration facilitated by access to the same
data, faster reporting, improved process
awareness, quicker answers, and more time for
analysis and optimization.

Increasing Reserves
In some cases, rather than an overwhelming
volume of data, it is a paucity of data that causes
problems. Poor or insufficient information,
particularly in complex geological settings, has
left operators with disappointing initial produc -
tion rates, especially from new fields that rely
chiefly on seismic data and a few exploratory
wells. Occasionally, the difference between
expectations and reality has been sufficient to
force engineers to reduce their original estimate
of recoverable reserves. It has been demon -
strated, however, that such a situation can be
reversed, or at least significantly remediated,
through a combination of maximum reservoir
contact and intelligent completions.

For example, in the Gullfaks South field in
the Norwegian sector of the North Sea, original
recoverable reserves were estimated at about
12.6 million m3 [79.3 million bbl] of an estimated
35 million m3 [220.3 million bbl] of original oil in
place. That nearly 36% projected recovery rate
had to be scaled back to a comparatively meager
2.4 million m3 [15.1 million bbl] of oil shortly
after field startup. Expectations were lowered
when the target formation turned out to be
structurally complex, with numerous fault
segments and indications of locally varying 
fluid contacts.11

Well performance data also informed the
operator, Statoil, now StatoilHydro, that the 
300-m [985-ft] thick Statfjord formation did not
have the high connectivity engineers first believed
it to have but instead was a heterogeneous
reservoir prone to gas breakthrough. In response,
the company initiated an increased oil recovery
(IOR) project. After carrying out a simulation with
ECLIPSE 100 reservoir simulation software,
Statoil engineers completed three horizon tal,
subsea intelligent wells—G-01, F-02 and D-03.
Schlumberger installed downhole instrumen -
tation and control-valve systems in all three 
wells (left). 

With the addition of downhole, real-time pres -
sure and temperature sensors, Statoil’s IOR
project achieved greatly increased sweep effi -
ciency, created better reservoir drainage and
reduced intervention costs. In all, by 2006, the
three-well strategy delivered a greater than
twofold increase from the scaled back
2.4 million-m3 estimate of recoverable reserves
calculated in 2001, to 5.4 million m3 [34 mil -
lion bbl]. The success has also provided the

10 Oilfield Review

11. Haugen V, Fagerbakke A-K, Samsonsen B and Krogh PK:
“Subsea Smart Multilateral Wells Increase Reserves at
Gullfaks South Statfjord,” paper SPE 95721, presented at
the SPE/DOE Symposium on Improved Oil Recovery,
Tulsa, April 22–26, 2006. 

> Production increase. In an effort to increase ultimate recovery, Statoil
engineers completed three horizontal, subsea intelligent wells. The Gullfaks F-02
multilateral well shown uses Schlumberger TRFC-HN tubing-retrievable flow
control valves to control the two wellbores. The TRFC-HN-AP annular
production valve controlled flow from the lateral bore, and the TRFC-HN-LP
inline production valve controlled flow from the main bore. The valves have 
11 positions—closed, fully open and nine intermediate choking positions—
to allow maximum production flexibility and so achieve maximum recovery.

10 3⁄4-in. casing

5 1⁄2-in. tubing

9 5⁄8-in. x 5 1⁄2-in. XMP premium MultiPort
retrievable packer

5 1⁄2-in. dual-gauge mandrel

7-in. tubing

9 5⁄8-in. casing

7-in. liner

3 1⁄2-in. TRFC-HN-AP flow control valve

3 1⁄2-in. TRFC-HN-LP flow control valve

3 1⁄2-in. single-gauge mandrel

1 ⁄4-
in

. h
yd

ra
ul

ic
 c

on
tro

l l
in

e
1 ⁄4-

in
. e

le
ct

ric
al

 g
au

ge
 c

ab
le

60906sckD3R1.qxp:60906sckD3R1  2/16/08  12:25 AM  Page 10



> Intelligent multilateral. The Haradh A12 well includes a horizontally set 7-in. liner, a horizontal openhole section and a 41⁄2-in. liner. Two more laterals were
drilled from the 7-in. liner and left as ‘barefoot,’ or openhole, completions. Coupled with the reservoir contact area advantages of multilateral wells,
downhole flow control and measurement dramatically reduced water production at Haradh.

Sliding sleeve
at 6,915 ft MD

QUANTUM MultiPort 
production packer 3
at 6,943 ft MD

TFRC-H valve 3
at 6,943 ft MD

TFRC-H valve 2
at 7,512 ft MD

9 5⁄8-in. casing shoe
at 6,975 ft MD 4 1⁄2-in. liner at

11,622 ft MD

PressureWatch
mandrel at
6,880 ft MD

QUANTUM MultiPort 
production packer 2
at 7,501 ft MD

QUANTUM MultiPort 
production packer 1
at 9,223 ft MD

Lateral 1
TD at 13,588 ft MD

Lateral 2
TD at 14,500 ft MD

Lateral 1-1
TD at 13,000 ft MD

7-in. liner at
11,008 ft MD

TFRC-H valve 1
at 9,234 ft MD
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operator with considerable information about a
complex reservoir and has helped justify the
construction of additional intelligent wells in 
the field.

Multilateral wells and intelligent completion
technology, such as those designed for the
Gullfaks South field, are a natural fit. Intelligent
completions provide operators with the ability to
easily isolate, test and regulate each lateral in
the same way they do individual zones in a single
wellbore. This flexibility allows engineers to
determine each lateral flow profile and, in turn,
to use reservoir models and multiphase meters to
determine the optimal rate and contribution to
overall production while avoiding water coning
or gas breakthrough. Continual monitoring of
each lateral throughout the well’s life then
permits operators to adjust each branch in real
time and so maintain peak production, extend
the well’s economic life or accelerate production.

A Team Effort in Saudi Arabia
In 2004, Saudi Aramco engineers drilled and
completed a maximum reservoir contact (MRC)
well as a proof-of-concept project. The well is in
the Haradh field, the designation given the
southwest portion of Saudi Arabia’s giant Ghawar
field. The Haradh area was brought on produc -
tion in three successive increments over nearly

10 years from May 1996 to January 2006. While
Increment I was developed using conventional
completions wells, experience led Saudi Aramco
engineers to eventually include MRC, multi -
laterals and intelligent completions in final
Increments II and III (right).

The A12 well in the Haradh area was
originally completed from a horizontally set, 7-in.
liner. A 61⁄8-in. horizontal openhole section was
then drilled from the bottom of the liner and a 
41⁄2-in. liner set across a section that had incurred
heavy fluid losses during drilling of the main
wellbore. Two more 61⁄8-in. laterals were drilled
from the 7-in. liner and left as “barefoot,” or
openhole, completions (below).

With this standard multilateral completion,
no water was produced initially, but in less than
one year, water cut had reached about 23%. As a
result, available drawdown and overall produc -
tion were reduced and treatment and disposal
costs rose, prompting the operator to deem
water-production control imperative. 

In response, Schlumberger designed and
deployed an intelligent completion system with
multiposition, downhole flow control valves and
surface flow-rate measurements to selectively
manage water production from each of the three
zones. Through optimization of the downhole
flow control valves, water cut was reduced from
23% to almost zero. 

> The Haradh area structure. This southwest
portion of the giant Saudi Arabia Ghawar field
was brought on production in three successive
increments of approximately equal reserves in
May 1996, April 2003 and January 2006. Total
production capacity is 900,000 bbl/d [143,000 m3/d].
The Haradh field covers an area 75 km [46 mi]
long and 26 km [16 mi] at its widest section. In the
second increment, engineers included horizontal
wells, maximum reservoir contact and intelligent
wells. Positive results in overall reservoir
management from these strategies prompted the
company to develop the third increment through
multilateral and intelligent completions.

10 km

6 mi
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The successful application of intelligent wells
to the Haradh field was the result of a project-
management approach to the design, planning
and installation processes. Five Schlumberger
segments teamed with the Saudi Aramco
facilities, production, drilling and workover,
reservoir management, and reservoir description
departments. Schlumberger and Saudi Aramco’s
reservoir management and reservoir description
departments built a multilateral well model in
PIPESIM production system analysis software to
calculate pressures opposite each lateral at
various water cuts. The simulation estimated
lateral performance across the valves over a
range of pressures and flow rates.

Prior to starting the project, more than
30 multi disciplinary team members from
Schlumberger and Saudi Aramco participated in
a two-day forum to plan the project, run the
completion on paper, agree on the design criteria
and running procedures, and define responsi -
bilities. Participants jointly developed a list of 

28 action items in an effort to ensure a trouble-
free operation.

The field team consisted of a completions
installation crew, a reservoir evaluation wireline
crew, a coiled tubing crew, and a multiphase flow
testing crew managed through the Schlumberger
advanced completions project manager. In view
of the well’s workover history and the possible
presence of casing deformations capable of
affecting intelligent completion installation, the
reservoir evaluation wireline and well services
segments ran a USI UltraSonic Imager corrosion
log on coiled tubing. The run confirmed the
integrity of the casing and the suitability of
QUANTUM gravel pack and MultiPort bypass
packers with multiple porting. Using a
PhaseTester portable multiphase well production
monitoring system and the InterACT real-time
monitoring and data delivery system, the team
optimized the intelligent completion performance
(above). This enabled the Saudi Aramco engi-
neers at their offices in town to adjust downhole

flow control valve settings in real time to
maximize oil production and minimize water cut. 

During equipment testing and installation,
and subsequent flow testing of the well, each of
the valves was actuated through more than 10
complete cycles—110 position changes, or the
equivalent of several years of typical operation.
The well was fully flow-tested and put on
production with minimal water production.
Saudi Aramco engineers have concluded that
without the intelligent well approach, the well
would have watered out and ceased production.12

No Reserves Left Behind
Like multilaterals, commingling of stacked
reservoirs often allows operators to reduce the
number of wellbores required to produce
disparate formations and so reduce capital
expenditure and risk. This strategy has been
encouraged in recent years by increasingly
sophisticated steerable drilling assemblies that
allow operators to drill long-distance, high-angle
exploratory wells. Intelligent completions within
these complex wells then facilitate production
optimization even as dynamic changes occur
during production.

Sensors relaying information in real time
allow engineers to detect and react to changes at
the formation as they occur by remotely
actuating flow control valves. The ability to
adjust to a flow-regime change—such as a
second-phase breakthrough at one zone—as it
occurs is important because that is the optimum
time for the well production strategy to be
adjusted to maximize oil production and
minimize gas or water production.13

It was those capabilities that allowed one
operator to determine the economic viability of a
new discovery that was distant from established
infrastructure. In shallow waters offshore
Nigeria, Mobil Producing Nigeria Unlimited
(MPN) drilled a long-reach well in the Usari field
from an existing platform. The Usari field is
about 16 miles [25 km] offshore in about 72 feet
[22 m] of water. Field development at the time
included 25 wells from two satellite platforms
producing to a main platform. The field contains
35 discovered reservoirs that are subdivided into
three categories based on fluid properties,
pressure regimes and geology. The categories are
referred to as shallow, intermediate and deep
with 18, 15 and 2 reservoirs, respectively.

12 Oilfield Review

12. Mubarak SM, Pham TR, Shamrani SS and Shafiq M:
“Using Down-Hole Control Valves to Sustain Oil
Production from the First Maximum Reservoir Contact,
Multilateral and Smart Well in Ghawar Field: Case
Study,” paper IPTC 11630, presented at the International
Petroleum Technology Conference in Dubai, UAE,
December 4–6, 2007.

14. A stepbore packer provides a sealbore with full tubing
internal diameter. The seal assembly combines with the
large bore of the packer to allow full tubing ID. It is
especially well-suited for multiple-completion type
options or zones. Single-completion configurations
benefit from the packer’s large internal diameter, which
is essential for high-rate production applications.

13. Graf T, Graf SP, Evbomoen P and Umadia C: “A Rigorous
Well Model to Optimize Production from Intelligent 
Wells and Establish the Back-Allocation Algorithm,” 
paper SPE 99994, presented at the SPE Europec/EAGE
Annual Conference and Exhibition, Vienna, Austria, 
June 12–15, 2006.

> Optimizing in real time. Measuring flow rate at the surface, the
PhaseTester portable multiphase well production monitoring equipment, as
well as downhole pressure and temperature measurements, was used in
conjunction with the InterACT real-time monitoring and data delivery system
to provide Saudi Aramco engineers with the information and connectivity to
adjust downhole flow control valve settings in real time. The result was
maximum oil production with minimum water cut.
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Currently, four reservoirs are being produced in
the shallow group, 10 in the intermediate and
two in the deep.

In 2001, seven new reservoirs were discovered
in the Graben area of the Usari field by a near-

field wildcat. Due to shallow gas that masks the
seismic illumination of the area, confidence was
low in the structural configuration away from the
area with well control. It was therefore necessary
to mitigate, as much as possible, the uncertain -
ties of potential reservoir compartmentalization,
reservoir areal extent and reservoir deliverability
before committing to additional platforms to
exploit the find. 

To do so, Schlumberger and MPN engineers
drilled a 15,000-foot [4,572-m], extended-reach
well—Usari Well 32B—with an 8,620-ft 
[2,672-m], 75-degree stepout from an existing
platform. The well crossed three of the seven
reservoirs in an attempt to answer operator
concerns regarding reservoir deliverability and
producing characteristics. Zonal isolation along
the wellbore is provided through 95⁄8-in. by 71⁄8-in.
by 6-in. stepbore gravel-pack packers and a
series of concentric seal assemblies in the 6-in.
packer bore.14 Two similar completions in
different reservoirs are planned to help address
the geological uncertainties of compartmental -
ization and areal extent (above left).

The plan, to commingle three gravel-pack
intervals while controlling and monitoring each

zone individually, has the added attraction of
potentially saving one well for every three drilled,
since a single such well can produce three zones
versus two in more traditional completions. 

Regulations prohibit commingling in Nigeria.
However, engineers were able to overcome this
prohibition by demonstrating to the satisfaction of
the Nigerian Department of Petroleum Resources
(DPR) that indirect flow measure ments
interpreted from downhole pressure and tem -
pera ture data could be combined with routine
zonal tests to obtain production back-allocation.
Authorities were further assured of the scheme’s
efficacy by the fact that data are delivered
directly to engineers’ desks through the 
InterACT system.

As a result, MPN was granted an exemption
allowing three reservoirs to be commingled
through 95⁄8-in. gravel-pack completions, each one
equipped with variable-setting chokes and
pressure and temperature sensors. The two lower
chokes are nine-position (including fully open
and fully closed) valves with maximum 27⁄8-in.
equivalent flow areas (above right). The third
valve is an 11-position valve regulating across the

> The plan. Three gravel-pack (GP) intervals in
the Usari 32B well were commingled while
downhole tubing-retrievable flow control (TRFC)
valves and sensors provided control and
monitoring of each individual zone.

9 5⁄8-in. MultiPort
bypass packer

9 5⁄8-in. x 7 1⁄8-in. x 6-in. 
stepbore GP packer

9 5⁄8-in. x 7 1⁄8-in. x 6-in. 
stepbore GP packer

No-go flow-through
concentric seal assembly

3 1⁄2-in. TRFC

Permanent quartz gauge

Permanent quartz gauge

Permanent quartz gauge

2 7⁄8-in. TRFC

2 7⁄8-in. TRFC

Zone 3

Zone 2

Zone 1

9 5⁄8-in. x 7 1⁄8-in. x 6-in. 
stepbore GP packer

9 5⁄8-in. casing shoe

No-go flow-through
concentric seal assembly

No-go flow-through
concentric seal assembly

> Understanding control. Commingling multiple production zones requires
that engineers precisely design downhole flow control chokes and have a
good understanding of the effects of each zone upon the others. The beige
region in the above graph depicts the expected contribution from Zone 7-US1G
when stepping the 31⁄2-in. flow control valve through its 11 predetermined
choke positions. This is modeled with valves in both other zones, 8-US1G
(purple) and 9-US1G (pink), fully open and producing according to the conditions
in the legend box within the graph. The graph shows that total well production
varies from about 9,800 bbl/d [1,557 m3/d] to 10,700 bbl/d [1,700 m3/d] of fluid
while flowing the middle and lower zones on fully open chokes and stepping
the 7-US1G zone valve from fully closed through to fully open positions.
Sensitivity on 7-US1G production is around 500 bbl/d [79 m3/d] per choke step
in accordance with the accuracy required for the control of potential water
and gas production. The 8-US1G contributes the majority of production in this
simulation due to its reservoir pressure and estimated productivity index (PI)
of 50 bbl/psi-d [1.15 m3/kPa-d].
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top, most prolific zone, and has a 31⁄2-in.
equivalent flow area to accommodate
commingled flow from all zones.15

The well was tested after commissioning and
again three months later. The bottomhole
pressure data indicated continued increases in
zonal productivity because of further well
cleanup during production (above). The pressure
and rate data were put into the model for
predicting zonal production rates.

With the success of the Usari 32B intelligent
completion, MPN has a much improved view of
the reserves lying just outside the reach of their
existing infrastructure. Two wells are planned to
answer the remaining questions about
compartmentalization, reservoir areal extent
and deliverability. 

Smarter Increased Oil Recovery
Experts forecast that up to 40% of future
intelligent completions will be used in water-
injection wells. The reason for marrying the two
technologies is clear: historically, the point at

which waterflood projects are abandoned has
related to a maximum acceptable water-cut level
at the producing well. This standard tends to
result in significant amounts of bypassed oil. 

Efforts to reduce water production have long
centered on cemented completions, packers,
conformance chemicals and selective perfora -
tions to change inflow distribution along the
wellbore. Manipulation of injection flow rates
through downhole control valves accomplishes
the same goal more efficiently and at a lower
cost. Flood fronts in today’s highly deviated, high-
reservoir-contact wells are especially responsive
to adjusting flux distribution into various layers
at the wellbore. This practice balances the
natural tendency of fluids to migrate preferen -
tially through high-permeability sections.16

Injection flow rates at the sandface are set
according to either pressure or flow control
parameters. When pumping into several zones
separated by impermeable barriers, intelligent
valves serve as throttles to maintain appropriate
pressures at each injection point, allowing

operators to use a single pump. The alternatives
are a separate pump for each zone or a single
pressure for all zones; the former is more costly,
the latter less efficient. The flow control option
can be used to shape the flood front when no
impermeable barriers exist in the flow interval.
Again, the options are to use separate fixed-flow-
rate pumps for each zone, or to use just one
pump with the flow rates measured and throttled
to preset levels using downhole control valves. 

Waterflood systems with remotely actuated
downhole valves are especially well-suited to
subsea completions in which the option to
change injection zones without a rig-based
intervention remains a key attraction. As with
other upstream arenas, beyond the cost and
technical issues of subsea intervention is the
larger issue of sound reservoir management.
Deepwater formations tend to be layered and
hundreds of feet thick. Waterflooding is their
main recovery mechanism and is often used to
maintain pressure. In such an environment,
remotely actuated downhole valves are valued as

14 Oilfield Review

15. Brock WR, Oleh EO, Linscott JP and Agara S:
“Application of Intelligent-Completion Technology in 
a Triple-Zone Gravel Packed Commingled Producer,”
paper SPE 101021, presented at the SPE Annual
Technical Conference and Exhibition, San Antonio,
Texas, September 24–27, 2006.

16. Ramakrishnan TS: “On Reservoir Fluid-Flow Control 
with Smart Completions,” paper SPE 84219, presented 
at the SPE Annual Technical Conference and Exhibition,
Denver, October 5–8, 2003.

17. Bussear T and Barrilleaux M: “Design and Qualification
of Remotely-Operated, Downhole Flow Control System
for High-Rate Water Injection in Deepwater,” paper 
SPE 88563, presented at the SPE Asia Pacific Oil and 
Gas Conference and Exhibition, Perth, Australia, 
October 18–20, 2004.

18. An interference test records the pressure variation 
with time recorded in observation wells resulting 
from changes in rates in production or injection wells.
In commercially viable reservoirs, it usually takes

considerable time for production at one well to
measurably affect the pressure at an adjacent well.
Consequently, interference testing has been uncommon
because of the cost and the difficulty in maintaining
fixed flow rates over an extended time period. With the
increasing number of permanent gauge installations,
interference testing may become more common in 
the future.

> Plot of the first six months of production from the Usari 32B well. All flow control valves are fully
open. Inflow performance relationship (a plot of well production rate against flowing bottomhole
pressure) curves generated from well testing were used to calculate individual zone flow rates. 
The plot shows that production from the upper 7-US1G zone (red) is dominant with a PI of around 
50 bbl/psi-d compared with 10 to 15 bbl/psi-d [0.23 to 0.35 m3/kPa-d] of the other zones, 9-US1G (green)
and 8-US1G (blue) in the region. 
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an efficient tool with which to control water
placement. They can help prevent early water
breakthrough while achieving effective oil sweep
and recovery.17

In combination with intelligent wells,
injectors can also be used to determine certain
reservoir characteristics. In one offshore

example, two injector wells—one a dual,
intelligent completion, and the other a single
injector—were used to conduct an interference
test to determine connectivity across a fault in a
zone between the wells.18 The interference test
used a temporary flying lead connected from the

producer to the injector, allowing pressure and
temperature data from each well to be acquired
at the same time (above). 

The high cost of well construction in deep
water, however, dictates that operators minimize
their injection-well count. That means a few wells
must service considerable formation areas,

> Subsea injection. The injector well in this subsea configuration was
equipped with a FloWatcher integrated permanent production monitor
installed below the flow control valve. This allowed real-time injection-rate
measurement at the lower zone (inset top right). Simultaneously, the down-
hole pressure and temperature were measured in the producing well and
its flow rate plotted (inset bottom right). When combined with the pressure
falloff test data, transient testing was also made possible during injection

when convolution techniques were used. FloWatcher data also showed a
higher injection rate than that measured at the floating production, storage,
and offloading (FPSO) pump outlet during the test. After calibration tests at
Schlumberger facilities in Rosharon, Texas, it was determined that it was
more accurate to use the FloWatcher monitor than the pump outlet for well-
injection allocation.
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requiring injection rates and pressures of more
than 40,000 bbl/d [6,360 m3/d] of water and
18,000 psi [124 MPa], rates and pressures
significantly higher than those of more traditional
flood patterns. During choked applications in
which the differential pressures and, as a
consequence, flow velocities are high, the
injection jet impacts the inside diameter (ID) of
the casing. Often the valve outside diameter (OD)
and the casing ID are not far apart, and erosion of
the casing wall opposite the valve becomes a
significant concern (left).

Addressing these erosion effects is compli -
cated by the fact that the flow path through 
and around an injection valve is different from
that of a production valve. In production, energy
generated by multiple jetting flow streams
through the flow ports is dissipated inside the flow
control valve as they collide. In contrast, when
flow is directed from tubing to annulus, the jet
impacts the internal wall of the casing—often in
close proximity to the valve outlet—unhampered. 

One solution to creating an injection valve
less prone to causing erosion has been to shroud
a production flow control valve and so deflect the
jet and protect the casing. This approach has
three major disadvantages. First, as the injection
ports themselves are not optimized for erosion
reduction (reduced jet lengths and reduced port
exit velocities), this can simply lead to eroding
the shroud quickly. Second, the valve becomes
much more expensive than the shroud, and the
valve body must be of higher grade material.
Finally, the valve outside diameter becomes
considerably larger and so requires larger casing
for installation. 

Schlumberger has responded to these
concerns with a water-injection valve with
eccentric or angled choke ports to ensure
maximum distance between the valve outside
diameter and the casing internal diameter. The
TRFC-HD-AI (eccentric) and TRFC-HM-AI
(angled) flow control valves also include a unique
nozzle size design, resulting in jet characteristics
that reduce erosion effects (left).  

Beyond High-End
When first introduced, intelligent wells were
perceived as both costly and risky. This perception
was a product of low oil prices at the time and the
original purpose of the technology as an alter -
native to rig-based interventions. As a result,
intelligent wells developed, and in some quarters
maintain, an image as a solution suited only for
complex or high-cost wells and fields. Today,

16 Oilfield Review

> Reducing erosion. During choked applications when differential pressures
are high, the injection jet can significantly impact the internal wall of the 
casing. Often the valve and casing wall are not far apart so the erosion
characteristics of the jet must be well-understood to ensure against casing
erosion. An additional concern for injection applications is rebound erosion,
in which the injection jet rebounds off the casing (or shroud) and erodes the
valve. Schlumberger injection valves have been designed to protect casing
from erosion for a 20-year well life with sustained, high differential-pressure
water injection. Specifically, the valves include a fixed, smaller area nozzle
designed to ensure a constant, reduced, jet length to make certain that
velocity is minimal at the casing inner wall. The TRFC-HD-AI (eccentric) and
TRFC-HM-AI (angled) flow control valve body and choke ports maximize
nozzle offset from the casing wall, increasing the distance between valve and
casing wall. Nozzle entrance and exit design ensures jet characteristics that
reduce erosion effects.

Casing ID

Valve housing
to provide
offset

Eccentric
nozzle insert
(TRFC-HD-AI)

Angled nozzle
(TRFC-HM-AI)

Injection
      jet

Valve body
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> Erosion damage. High water-injection rates, even through relatively small
nozzles, can quickly erode casing opposite the injectors. Smaller nozzles do
less damage over the same amount of time but also greatly reduce the
volumes injected per unit of time per well. Relieving the situation with more
wells is not an option offshore where each wellbore represents considerable
capital expense.

Erosive damage due to impingement
of fluid exiting a 1⁄8-in. diameter nozzle

Erosive damage due to impingement
of fluid exiting a 3⁄32-in. diameter nozzle
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however, real-time reservoir monitoring and
control are increasingly evident in mature fields
where remotely monitored and actuated sensors
and valves are being employed to help improve the
efficiency of gas lift systems, electric sub mersible
pumps and rod-pumped wells. 

Intelligent completions are of particular
interest in areas where gas from one zone may be
commingled with oil from another zone in what is
termed natural gas lift. The concept is the same as
it is for conventional gas lift; gas introduced into
the production tubing from the casing annulus
reduces the hydrostatic head of the oil column to
a point that allows reservoir pressure to lift
produced fluids to the surface (left).

In conventional systems, gas from a remote
source or from other wells in the field is pumped 
down the annulus. These systems require
considerable infrastructure. Offshore, this
requirement can be especially onerous as it often
forces producers to use larger platforms to
support heavy surface equipment such as
compressors and riser connections.

Natural gas lift, sometimes referred to as in-
situ gas lift systems, require no such capital
outlay. Only downhole flow control valves are
necessary to ensure that sufficient gas enters the
fluid column to lift it, while preventing so much
gas entering as to severely restrict oil production
or, in a worst case, instigating crossflow between
formation layers.19

Conventional systems also use valves to
regulate gas flow between the annulus and the
tubing. However, in contrast to intelligent valves,
traditional gas lift valves are of a fixed orifice size
and so require a slickline or coiled tubing
intervention to pull, resize and rerun them when
reservoir or fluid conditions change. And as in
other intelligent completions, gas flow into the
wellbore can be monitored and controlled.

As mentioned, intelligent well advances
include highly sophisticated, quartz pressure and
temperature sensors and remotely operated
variable-setting chokes. But because they cost
significantly less, simple strain gauges and
remotely operated flow control valves with only
open and closed positions remain the intelligent
completion tools of choice for artificial lift wells
in mature assets. 

When used in combination with electric
submersible pumps (ESPs), for example, these
simple systems enable selective zonal isolation
when water breakthrough is anticipated; fluid-
loss prevention when the pump is turned off; or
tandem ESP configuration for pump boost or
redundancy (see “Electric Submersible Pumps
for Artificial Lift Intelligence,” page 30). 

Intelligent Fields
The aim of the intelligent field is to automate as
many tasks as possible to improve the net
present value of an asset through increased
production and reduced costs. For many, the
ultimate intelligent field, then, is one in which
human intervention is removed from the
production process for anything but essential
maintenance tasks or rare and unpredicted
events. In that vision, systems gather and process
large amounts of data from numerous nodes
within each well and surface facility. The system
then rationalizes all this information, makes
logical decisions to optimize field-wide produc -
tion and carries out those decisions through
remote control. Within the ultimate vision,
monitoring and resulting action are in real time
and in a continuing cycle (see “The Big Picture:
Integrated Asset Management,” page 34).

The industry as a whole has yet to decide if 
such automated systems are feasible and desir -
able. In the meantime, the maximum value of
intelli gent completions lies in better reservoir
manage ment that applies real-time data and
control to such traditional reservoir engineering
tools as decline-curve analysis, material balance
calculations, inflow performance relationship
curves and reser voir simulation. But above 
all, the value of intelligent wells lies in their
ability to allow operators active control of 
their reservoirs to maximize recovery and
optimize production. —RvF 

> Natural gas lift. Sometimes referred to as in-
situ systems, natural gas lift uses downhole
sensors and flow control valves to ensure that
enough gas being produced through the casing
annulus enters the fluid column in the tubing to
lift it while preventing so much gas entering as
to initiate crossflow. The savings over traditional
systems derives from the fact that natural gas lift
needs no surface infrastructure to transport and
supply gas down the annulus to the target
formation. The ability to control injection volumes
remotely through a hydraulic line from the
surface is a further advantage over past systems.
Traditional wireline-retrievable gas lift valves
must be pulled and recalibrated when changes
in fluid characteristics increase or decrease the
volume of gas required to lift formation fluids to
the surface. The gas lift mandrel (blue), housing
the valve, is part of the production tubing string.

Hydraulic line

Oil Gas

Oil and injected gas

19. For more on gas lift technology: Bin Jahid M, Lyngholm A,
Opsal M, Vasper A and White T: “The Pressure’s On:
Innovations in Gas Lift,” Oilfield Review 18, no. 4 
(Winter 2006/2007): 44–53.
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A digital revolution is taking place in oil and gas fields. Field management has 

already been transformed by more data, rapid evaluation and better control. The next

step change is now underway. New workflow software integrates asset simulations

from the reservoir to the process plant and results in better economic outcomes. 
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Producing oil and gas is not easy or cheap.
Whether production takes place in remote
onshore environments or in deep water, costs are
high. As increased cost converges with dwindling
supply, energy producers are seeking to squeeze
every drop from current assets and optimize
design of new facilities. A key factor in this
efficiency push is the increasing use of intelligent
digital, or so-called “smart,” technology.

Digital technology continues to grow in
sophistication and now pervades most activities
in oil and gas fields. Technologies such as remote
measurement and map-based visualization of key
parameters in producing fields have become
routine.1 These technologies first appeared in the
1980s, and their application has accelerated in
the past 15 years (above).2 Although several
acronyms have emerged for the marriage of
digital technology and the oil field, “intelligent
field” is one that captures the essence. Use of
digital technology by oil and gas producers is not

> Digital technology evolution. During the past 25 years, computing and
oilfield digital technology have evolved along similar paths. The first
desktop computers were focused on simple calculations and graphics,
while early application of digital technology in oil and gas fields brought
advancements in automation, data-gathering systems and metering. During
the 1990s, computers were developed to handle increasingly complex
graphics and calculations. Digital capability in oil and gas fields
accelerated in 2000 with more complex metering and automation for single

locations. After 2000, both computing capability and digital technology
migration to oil and gas fields have gained momentum. Desktop computers
now boast dual- and quad-core processors as well as fast wireless
networking. Networking capability has enabled field operators to carry out
system-wide tasks that may involve multiple locations.
[http://www.intel.com/technology/mooreslaw/index.htm (accessed October
26, 2007)]. (See references 1 and 2 for SPE and OTC paper citations.)

Tr
an

si
st

or
s,

 n
um

be
r

1980 1985 1990 1995 2000

Year

2005 2010 2015
104

105

106

107

108

109

1010

Intel 386

Intel Pentium

Dual Core
Intel Itanium 2

Automated workflows
(SPE 110655)

Map-based visualization
(SPE 106914)

Smart wells control
(SPE 78278)

Automated production
systems (SPE 10005)

Evolution of
personal computing

Evolution of oilfield
digital technology

SCADA system for
remote gas (SPE 20644)

Downhole fiber-optic
installation (SPE 54599)

Expert system for
producing wells (SPE 24997)

Analysis of large
datasets (SPE 56419)

Multiphase metering
with fiber optics (SPE 77655)

Intelligent gas lift
automation (SPE 69404)

Integrated asset modeling
(SPE 109260, OTC 18678)

More complex tasks,
single locations

System-wide tasks, networking
multiple remote locations

Measuring, metering,
analysis and automation

More complex tasks,
single location

Parallel processing,
wireless networking

Simple
calculations
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new. What is new and part of the intelligent field
vision is linking different technologies to
accomplish a system-wide task (see “The Big
Picture: Integrated Asset Management,” page 34).

The payoff for implementation of the
intelligent field is large. This technology is
predicted to increase world oil recovery by
20 billion m3 [125 billion bbl] over the next five
to ten years.3 Although some components of the
intelligent field will take time to fully mature,
others are being put into practice now. An
example of new technology that can produce real
benefits is integrated asset modeling. It links
traditional tools such as ECLIPSE reservoir
simulation software with other well-known
production system models to arrive at an end-to-
end solution. Integrated asset modeling can be
used to improve production from existing fields
or during front-end design for improvements to
new fields.

The focus of this article is the application of
integrated asset modeling—how it works and
how it is being applied to solve production

challenges. Case studies from Mexico, offshore
India, the North Sea and the USA illustrate
various aspects of intelligent field application.
Before discussing the details of integrated asset
modeling, we examine traditional methods for
field planning.

Traditional Methods 
In 2006, the oil and gas industry spent about 3% of
total revenues on information technology—
US $2 billion on hardware, software and services.4

This information technology package comprises
individual simulators for the reservoir, piping
network, process facilities and economics. These
simulators have made significant advances in
accuracy and reliability over the years. Complex
reservoirs are more easily modeled, multiphase
flow is simulated, and performance of important
equipment such as compressors can be optimized. 

Although the simulators work well when
applied to individual field components, problems
arise when they are applied in a serial manner to
perform a full-field analysis. Data are often

passed between individual assets and disciplines
by spreadsheets and interaction effects are
absent (above).5 A change in any one of the field
components has cascading impacts on upstream
and downstream results, and reflecting this
properly requires substantial intervention in the
modeling steps. In some cases, this intervention
may be impractical, if not impossible.

There are two significant problems with
applying traditional methods to field planning.
First, all simulations downstream of the reservoir
model are static—they represent only one point
in time during the life of the asset. The work
involved in setting up these models must be
redone to analyze any other point in time.
Secondly, the traditional method fails to take
into account the dynamic nature of field
development planning. For example, the
production rate of an existing well may change
when new wells are drilled in the area—
undermining the original plan. In addition,
events such as compressor changes, or
implementation of various secondary-recovery

20 Oilfield Review

> Traditional production modeling. Typically, a reservoir engineer runs a
reservoir simulation to analyze flow through porous media and to take into
account any natural or artificial drive mechanisms present (bottom left).
One output is production profiles as a function of time for the wells under
consideration.  These data are passed to a production engineer to develop
individual well models and a piping network simulation (top left). This

software analyzes flow through pipe and highlights flow-assurance issues.
Next, a facilities engineer uses the production profile and compositional
data to build a process plant model that simulates the various
compression, separation and chemical processes that may be present (top
right). Finally, data from the reservoir, piping and process simulations are
passed to economic evaluation software (bottom right).
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programs executed later will likely invalidate the
initial data exchanges between simulation
models. These compromises in traditional full-
field analysis can lead to a host of problems
including unnecessary drilling and oversized or
undersized facilities.

A solution to these deficiencies in full-field
simulation is emerging as part of the intelligent
field. There is a shift from historical serial
workflows to real-time dynamic processes that
fully account for feed-forward and feedback
effects. A key characteristic of the intelligent
field is the ability to extend use of one discipline’s
boundary conditions into another discipline
across the entire field.6 The use of real-time
dynamic processing to model the impact of
interrelated events, both historical and projected,
paves the way for a prediction of field
performance that adapts to a changing operations
environment. This concept is at the heart of
integrated asset modeling.

A Quiet Revolution
Integrated asset modeling is an evolutionary
extension of a well-known technique called
NODAL production system analysis. This process
has been used to study complex, interacting
systems such as pipeline networks, electrical
circuits and oil production. The procedure
entails selection of a reference point, or node, to
divide the system. In an oil- or gas-producing
system, a node might be in one of several
locations—common points are the bottom of the
well and the wellhead. Components upstream of
the node are termed the inflow section, while
those downstream are the outflow section. For
instance, perforations located upstream of the
wellhead node would be part of the inflow
section, while a pipeline to the process plant
would be part of the outflow section. 

Regardless of the node’s location, two
boundary conditions must be satisfied. Flow into
the node must equal flow out of the node, and
only one pressure can exist at a node. Pressure
and flow-rate curves are generated for node
inflow and node outflow. The intersection of the
curves defines the solution to the problem by
yielding a flow rate and a pressure that satisfy
both inflow and outflow constraints.7

Extension of NODAL analysis from single wells
to more complex systems is not new. In 1971, a
pioneering proposal demonstrated how reservoir
and surface models could be linked to arrive at a
solution for a gas field-gathering system, and other
proposals have followed.8 What is new and
different is the arrival of commercial software that
links separate models for reservoirs, piping,
process facilities and produc tion economics to
achieve an optimized solution. These offerings are
not multiple simulators encased in a single
package but rather are computational frameworks
that link simulators across assets, computing
environments and locations. 

The connection framework approach to asset
modeling is illustrated by the Avocet Integrated
Asset Modeler production software. This
integration software provides an end-to-end
asset solution that links the reservoir (ECLIPSE
reservoir simulation software), well and surface
infrastructure (PIPESIM production system
analysis software) and process facilities (HYSYS
process simulation software) into a single
production-management environment.9 In addi -

tion to these commercial simulators, specialists
can contribute models specific to their
discipline or proprietary models specific to their
company and let the results propagate
throughout the model. The Avocet software
supports implemen tation strategies that allow
experts in separate locations to collaborate. The
model framework residing on one computer can
direct and interact with reservoir, pipeline,
process and economic applications residing on
remote computers. The interface allows the user
to graphically link individual models and view
the results as the procedure steps toward the
optimal solution (below).

This approach provides a step-wise iterative
solution to predicting the lifetime performance
of a field. Similar to NODAL analysis, two
iterative calculations are performed for each
time step at a node point using existing boundary
conditions. One set of calculations determines
the rates and pressures achievable within the
reservoir. The other calculation determines the
rates and pressures within the facilities network.
Both iterative calculations are repeated until the

3. Snieckus D: “Switching on to Doff,” Offshore Engineer 29,
no. 1 (January 2004): 15–16.

4. Howell A, Szatny M and Torrens R: “From Reservoir
Through Process, From Today to Tomorrow—The
Integrated Asset Model,” paper SPE 99469, presented at
the SPE Intelligent Energy Conference and Exhibition,
Amsterdam, April 11–13, 2006.

5. Auditing studies of real-world spreadsheets reveal a
significant number of errors. See Pankow RR: “What We

Barroux CC, Duchet-Suchaux P, Samier P and Nabil R:
“Linking Reservoir and Surface Simulators: How to
Improve the Coupled Solutions,” paper SPE 65159,
presented at the SPE European Petroleum Conference,
Paris, October 24–25, 2000.

9. Ghiselin D: “Source-to-Sales Asset Management,” 
E&P 78, no. 1 (January 2005): 56–57.

Know About Spreadsheet Errors,” http://panko.shidler.
hawaii.edu/SSR/Mypapers/whatknow.htm (accessed
November 13, 2007).

6. Howell et al, reference 4.
7. Beggs HD: Production Optimization Using

NODAL™Analysis. Tulsa: OGCI Publications, 1991.
8. Dempsey JR, Patterson JK, Coats KH and Brill JP: 

“An Efficient Model for Evaluating Gas Field Gathering
System Design,” Journal of Petroleum Technology 23,
no. 9 (September 1971): 1067–1073.

> Avocet Integrated Asset Modeler interface. Each of the individual simulations in the Avocet software
can be integrated into a flow diagram that represents the total integrated asset model. Displays 
of combined results from all of the simulations are available in either graphical or tabular form. 
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flow rates and pressures match throughout the
coupled system (left). The asset simulator then
takes another time step and repeats the
procedure, alternating in this way until the
desired field life is reached. At each time step,
system constraints are propagated upstream and
downstream between the models and their
respective simulators. Although Avocet software
develops solutions using this general approach,
the final combination of simulators will depend
on the complexity and nature of the problem
under consideration. 

The most rigorous location for coupling at a
node point is at the bottom of a well, and, for
most systems, coupling at the bottom will also
require the most computing time.10 As the
coupling point moves to the wellhead and into
the other parts of the network, computational
time generally decreases. Bottomhole coupling
may not be prac tical or possible for analysis of
highly complex fields, and the coupling point
may need to be moved toward the surface. 

In addition to coupling location, choice of
compositional constraints will also affect the
simulator’s computing time and convergence. For
reservoirs where the effects of fluid composition
on flow characteristics are not critical, a three-
component model known as the ECLIPSE
Blackoil finite-difference simulation may be
appropriate. This model assumes the reservoir
has oil, gas and water in a three-phase system. A
four-component system can also be considered
for modeling a reservoir when injected fluids are
miscible with reservoir hydrocarbons. 

For complex hydrocarbon systems, explicit
compositional simula tion is also available.
Explicit compositional simulation may be the
right option when an equation of state is
required to describe reservoir fluid behavior
changes with depth. This model may be the best
choice for systems involving condensates,
volatile crude oils, heavy oils, gas injection and
secondary recovery. There is enough flexibility in
the simulations to allow multiple reservoirs with
different component models to be connected to a
surface network (left). All of these choices plus
other constraints will determine how the Avocet
software is set up to solve a given problem. 

Once the model has been properly configured,
it offers a clear path for end-to-end field optimi -
zation. Feed-forward and feedback effects are
handled by driving the model to a converged
solution.11 Open architecture eliminates software-
version issues, while the ability to communicate
with remote computers enables cross-disciplinary
collaboration and optimal use of computing
hardware.12 All these factors taken together allow

22 Oilfield Review

> Coupling and network balancing. The default network-balancing scheme 
in the Avocet simulator is the chord-slope method. In this algorithm, the well
simulator uses the well pressure limit P1 as the starting guess to obtain a
corresponding flow rate Q1. The rate Q1 is passed to the piping simulator to
calculate a pressure, P2 corresponding to that flow rate. The pressure P2 is
passed to the reservoir simulator to obtain the outflow rate Q3 for that
pressure. The chord between these two points provides the productivity
index (PI), which is passed to the piping network simulator. The piping
simulator uses this PI value to obtain Point 4. This iterative process is repeated
until convergence within a specified tolerance is achieved at Point 6. At
Point 6, pressure and flow rate are consistent between the reservoir and
surface piping network and the system is balanced, ready for the next time
step. Chord-slope coupling is highly iterative and may not be appropriate for
all production systems. The Avocet software includes several other choices
for coupling and network balancing.
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> Reservoirs with different compositional models. In some asset modeling simulations, it may be
necessary to connect several reservoirs with differing compositional models. Consider the case in
which three different reservoirs are connected to a single surface network. Reservoir A uses a
compositional model with N1 components, Reservoir B uses a compositional model with N2 components,
and Reservoir C uses a black-oil model with three components. Each of these reservoirs is connected
to a controller where compositional conversion takes place to a final set of K components used by the
surface network. For example, when a flow rate is queried from one of the reservoirs, it is converted
by the controller into the surface network’s set of K components. Likewise, when a flow rate is sent
from the surface network to any of the reservoirs, it will be converted into that reservoir model’s
specific set of components.

Reservoir simulation A
N1 components

Reservoir simulation B
N2 components
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operators to efficiently respond to production
challenges. For example, one of the most cost-
effective ways to add production from an existing
field is by optimization through integrated 
asset modeling.

New Life for an Old Field
Much of the world’s oil and gas comes from a
multitude of onshore fields that have been
producing for decades. A good example of this
kind of asset is the San Manuel complex operated
by PEMEX. Located in rugged, hilly terrain about
160 km [100 mi] south of Villahermosa, Mexico,
this system was built more than 25 years ago 
and produces more than 7.9 million m3/d
[279 MMcf/d] of gas and 2,080 m3/d
[13,100 bbl/d] of crude oil. The complex has six
process facilities that gather oil and gas from
about 65 producing wells.

In recent years, several problems developed
at San Manuel that concerned PEMEX. This
system was originally designed for much higher
rates than current production, and formation of
gas condensates in the main gas pipelines
became a persistent problem as the system aged.
Because of the irregularity of the topography,
high gas temperature and low gas velocities in
the gas transfer lines, condensates tend to
accumulate in the lower areas of the pipelines,
forming unstable slugs. These slugs generate
upstream backpressure, reducing production
rates and forcing PEMEX to run pigs frequently
in some branches to clean the lines and 
restore production.13

In response to these problems, PEMEX and
Schlumberger implemented an integrated asset
model approach to understand and improve
performance for the entire San Manuel asset—
active wells, process batteries and associated
pipelines. The Avocet Integrated Asset 
Modeler was used to integrate individual 
well, pipeline and process simulators into a
single environment.14

Simulation results are only as good as the
data they use, and in the case of a complex
network like San Manuel, a large amount of data
was required to set up the simulations. The first
task of the joint team was to develop a database
for the well, pipeline and process facilities. Data
collected included well-production results,
pressure and temperature at the manifolds and
compression facilities plus available fluid
properties. In addition, it was necessary to obtain
data on the San Manuel infrastructure such as
pipeline diameters, geographical positions and
topographic profiles. 

Using these data, the team set up individual
simulations for the entire San Manuel
complex—65 wells, eight pipeline networks and
six process facilities.15 These simulators were
integrated into one framework for dynamic
coupling using the Avocet software. Results from
the simulation models were checked against
actual field measurements at several points in
the complex. On average, predicted versus
measured oil rate showed a variation of 5.9%,
while the corresponding variation in gas rate
showed a 1.6% deviation.16

Satisfied that the simulations were giving
good results, the team developed a variety of
optimization alternatives to reduce costs,
debottleneck facilities and increase oil and gas
production. These opportunities were ranked
based on their potential production increase
benefit, cost reduction and implementation cost.
The most promising ideas were simulated using
the Avocet software to develop locations for
targeted opportunities.17 Results from the
dynamic simulation of the San Manuel complex
yielded a specific list of opportunities that could
be put into practice with available resources and
no additional investment (above). 

The bottom line for PEMEX has been an
immediate US $600,000 per year operating cost
savings accompanied by increased oil and gas
production estimated to be worth US $35 million
a year.18 These savings were realized by specific

> Production system schematic. The San Manuel product-gathering system has six process batteries
where oil and gas product is aggregated, separated and compressed or pumped for delivery. Many
potential improvements have been implemented (colored diamonds) based on integrated asset
modeling, including bypassing the high-pressure separators at the Catedral battery and a change in
service of the 40-cm [16-in.] gas pipeline to multiphase flow. This change at Catedral increased oil
and gas production and significantly reduced pipeline pig runs to eliminate slugs and liquid locks. At
the Copano battery, a high-pressure separation unit was bypassed, resulting in increased oil and gas
production and reduced manifold backpressure. Several recommendations for other parts of the
system and individual wells were implemented, yielding increased production. (Adapted from Morales
et al, reference 2.)
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10. Coupling at the bottom of a well allows the respective
simulators to handle the part of the problem that they
are specifically designed for. For example, reservoir
simulators are designed for flow through porous media,
while wellbore and network simulators are designed for
flow through pipe.

11. In general, flow requirements feed forward and pressure
constraints feed back.

12. In this context, open architecture refers to the ability to
communicate and direct remote computers. This allows
the most current version of an individual simulation
program to be included in the framework regardless of
where that simulator is located.

13. At San Manuel, pigging has involved up to 42 runs per
year in some lines.

14. Morales et al, reference 2.
15. Reservoirs and wells were modeled using the ECLIPSE

reservoir simulator, pipelines were modeled using the
PIPESIM simulator, and process facilities were modeled
using the HYSYS process simulator.

16. More accurate data were available for gas rates than
liquid rates. 

17. The iterative bidirectional solution in Avocet software
ensured that pressure and flow-balance constraints
were being met for the entire San Manuel complex. A
converged solution was achieved for each alternative.

18. Garrido AM, Morales F and Cruz J: “Brownfields 
Benefit from Integrated Models,” E&P (November 2007):
51, 52, 55.
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changes in the way the San Manuel complex is
operated. By bypassing two high-pressure
separators and one intermediate-pressure
separation facility, backpressure was reduced by
3.3 MPa [479 psi] at one manifold and 0.2 MPa
[30 psi] at another. These changes yielded an
additional 240 m3/d [1,500 bbl/d] of oil and
143,000 m3/d [5 MMcf/d] of gas. Another
important improvement confirmed by the
simulation was the need for dewpoint control
with corresponding liquid cooling and recovery
on one of the gas pipelines. By lowering the
temperature to 20°C [68°F] and recovering the
liquids before they entered the pipeline, PEMEX
estimated that they could recover an additional
210 m3/d [1,320 bbl/d] of condensate and reduce
the number of pig runs by 90%.

Now that the integrated asset model is
available for the San Manuel complex, PEMEX
production engineers are using it to make

decisions about daily operations and for plan -
ning additional improvements to the field.
Potential changes to be analyzed include new
wells, production-decline analysis for current
wells and impact of further changes to the
surface infrastructure.

Use of integrated asset modeling in the San
Manuel field is a good example of extension of
NODAL analysis from a single well to a field of 65
wells. The next case study involves a much
greater number of wells.

Integrating a Massive Asset
Discovered in 1974, the Mumbai High field,
operated by Indian Oil and Natural Gas
Corporation (ONGC), is located near India’s
continental shelf (below).19 Oil and gas are
produced by 690 wells and pressure is
maintained by 200 water-injection wells. Current
production from Mumbai High is about

40,000 m3/d [250,000 bbl/d] of oil and
430,000 m3/d [15.2 MMcf/d] of gas. Processing
complexes separate the bulk fluids into crude oil,
gas and water; and the oil is sent to an onshore
terminal along with part of the gas. The
remaining gas is used for gas lift operations on
about 80% of the oil-producing wells.

Efficient management and optimization of
large mature fields in the decline phase are always
challenging and Mumbai High is no exception.
That level of challenge is increased given that this
field produces more than 40% of India’s total
crude-oil output, and ONGC has set a goal of not
only arresting decline but boosting production.20

Meeting these goals also required the operator to
move far beyond the single-branch NODAL
analysis practiced in the past.

One of ONGC’s primary goals has been to
optimize its gas lift operations. Although prior
engineering work toward this objective was
regularly carried out on a well-by-well basis, that
work never delivered the expected production
gains for the field. In gas-lifted fields where 
a portion of the produced gas is returned for 
lift, interaction effects cannot be captured by
single-well analysis. The operator realized that
the integrated asset model approach based on
the entire field would capture all the network-
interaction effects and ultimately lead to 
better decisions and increased production at
reduced cost. 

With these goals in mind and assistance from
Schlumberger, a “reservoir to terminal” inte grated
asset model concept was developed along with a
phased project plan for implementation. ONGC’s
goal for the first phase of the three-phase project
was to develop a production model integrated with
the network for the entire Mumbai High field.
Subsequent phases would add network
optimization, integration with the ECLIPSE
reservoir model and real-time simulation. 

The goal set for the first-phase integrated-
production model was ambitious—develop a
rigorous, multiphase-flow, black-oil simulation.
The model considered all the Mumbai High
facilities including wells, platforms, piping,
process vessels, gas lift delivery, water injection
and connections to the onshore terminal. The
modeling framework chosen for the integrated
production model was PIPESIM well and
network analysis software.

Like the PEMEX experience discussed
earlier, the first task for the Mumbai High project
was data gathering—a daunting task for a field
containing nearly 900 wells and their associated
facilities. ONGC made three critical decisions

24 Oilfield Review

> The ONGC Mumbai High field. The Mumbai High field is located offshore 160 km [100 mi] west-
northwest of the India mainland (top) and occupies an area of about 1,200 km2 [465 mi2]. The field
(inset right) has 650 oil- and 40 gas-producing strings. Oil and gas from the 690 wells flow to five
processing complexes, and the complete system is connected by 2,900 km [1,800 mi] of pipeline.
Crude oil and gas not used for lift are exported to the onshore Uran terminal by trunk lines.
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early in the data-gathering effort. First, since the
field is in a dynamic environment, they chose a
cutoff date for data instead of trying to hit a
moving target. Secondly, ONGC trained people
extensively to ensure that workflows were
properly structured for speed and efficiency.
Finally, ONGC developed consistency checks for
datasets to ensure quality and accuracy. 

During the data-gathering effort, a vast
amount of production data was obtained for the
Mumbai High field ranging from well-location
maps and pressure-volume-temperature data to
the production-test history and downhole
equipment details for each well. Before inte -
gration of individual wells into the network
model could be initiated, it was necessary to
develop calibration data for the field. The stand-
alone model for each well type was calibrated to
the latest production-test data. With the data
gathered and well models built and calibrated,
work on the network model could start.

The integrated network model constructed in
PIPESIM software by ONGC included all wells,
risers, pipelines and process equipment.21 The
model was built using a six-layer architecture
(right). The last step in the model-building
process was history-matching the model
predictions of pressure, temperature and rates
with actual production data. History-matching for
the entire model was carried out at the process
complex level and at the wellhead platform level.
During this process of model-building, calibration
and validation, ONGC engineers found more than
350 potential opportunities to improve produc -
tion for the Mumbai High field. These
opportunities were in various areas from gas lift
optimization, to locating high-backpressure
bottlenecks, to identifying wells showing
inconsistent rate trends.

Now that the building and testing work is
complete, ONGC is using the first-phase model
for debottlenecking studies and networked gas
lift optimization to increase production in the
second phase. Their findings indicate a 475-m3/d
[3,000-bbl/d] oil production increase and a 40%
decrease in the required lift gas.22 A major
reduction of injection gas has two important
benefits. First, there is greater operational
stability, controllability and predictability to the
production and gas-injection operations because
of higher reserve compressor power. This allows
better gas lift coverage in distant wellhead
platforms. Secondly, gas lift injection reduction
means more gas is available for export and sale.
Further optimization work using the first-phase
integrated production model is ongoing.

Although ONGC has only begun to explore the
possibilities for the integrated production
network model for Mumbai High, the company is
already looking at the second phase. In the
second phase of this project, Avocet software will
be used to couple the ECLIPSE reservoir
simulator to the PIPESIM network simulation
built in the first phase. The results from this
phase of the project will be used to optimize
production, improve decision making and look at
plans for field redevelopment. The third and final
phase of the project envisions real-time simula -
tion and optimization. The model developed in
this final phase will use automated updating
from supervisory control and data acquisition
(SCADA) systems and other databases. This
model will be used to do time-step planning
studies with integrated reservoir-surface models.

One of the important lessons that ONGC
learned was that improved workflows and
collaboration between the field and the office
were critical for success of the Mumbai High
asset-modeling project. Integrated asset
modeling is part of a technology wave that is
changing not only what operators do, but also
how they do it. A good example of this approach
is now taking place at StatoilHydro.

19. Moitra et al, reference 2.
20. “India Produces 31.513 mmt of Crude Oil,” United Press

International (August 21, 2007), http://www.upi.com/
International_Security/Energy/Briefing/2007/08/21/
india_produces_31513_mmt_of_crude_oil/1560/
(accessed August 30, 2007).

21. Process equipment included separators, compressors,
heaters and pumps.

22. Barua S: “Integrated Asset Model Crucial to Field-Wide
Optimization,” Upstream Technology 2, no. 10 (October
2007): 48–50.

> Integrated process model structure. Although each process complex at
Mumbai High receives production from wells connected to it, gas lift and
injection water may cross process boundaries. To ensure proper accounting
of all streams and interchanges, the integrated asset model was organized
into a six-layer structure using the PIPESIM simulator—five in the network
model and a single-branch model for each well. The top layer is the
interchangers layer that contains the production and water-injection systems
as well as platform fluid exchanges. The trunklines layer contains the
interplatform and transportation connections.  The process platform layer
contains separation processing and gas lift interfaces. Next in line is the
flowline network layer. This layer contains flowlines connected to wellhead
platforms within a process complex. The last layer in the network model is
the wellhead platform layer, containing all wells connected to a given
platform. The final layer is composed of single-branch models for the
individual wells. Different arrow colors denote network connections—
connectivity extends to the highest level before it comes back to the same
level in another part of the network. (Adapted from Moitra et al, reference 2.) 
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A Window on the Future
In 2006, Statoil, now StatoilHydro, and
Schlumberger embarked on a joint R&D
collaboration project as part of Statoil’s subsea-
increased-oil-recovery (SIOR) program.23 This
project envisioned having a set of consistent,
integrated models for subsurface and topside as a
basis for future real-time optimi zation. Goals of
the project are to develop tools and work
processes to optimize reservoir performance, well
production and process facilities on a day-to-day
basis over the life of the field. These goals have
been translated into a demonstration project now
taking place at StatoilHydro’s Snorre-B asset. 

The Snorre field is located in the Tampen
area of the North Sea about 150 km [90 mi]
north west of Bergen, Norway (above).
Production from the Snorre-A platform began in
1992, while Snorre-B started producing in 2001.
Current production from both platforms is about
8,000 m3/d [50,300 bbl/d] of oil and 
1.75 million m3/d [62 MMcf/d] of gas. Snorre-B
has complicated formation characteristics, and
improvement to the existing water-alternating-
gas (WAG) flood scheme was identified as a SIOR
candidate project.24 StatoilHydro anticipated
that benefits would accrue through streamlined
workflows and increased interdisciplinary
production management.

Although work on the Snorre-B demon -
stration project is still ongoing, it is enlightening
to follow the development of an improved WAG
flood methodology. Shifting from largely manual
tools and workflows to a system capable of real-
time optimization on an actual producing 
system is a complex undertaking and worthy 
of examination.25

The initial activity for the team was
identification of relevant components of the WAG
cycle optimization by using a SIPOC analysis.26

Results from this analysis showed that
optimization of the WAG cycle required four
components—a simplified reservoir model, well
and reservoir control, a field performance
analyzer and an integrated asset model. 

The simplified reservoir model provides zonal-
pressure estimation and short-term production
forecasts in combination with well models. Well
and reservoir control establishes choke positions
for stable production and allows quick
adjustments in case of process-equipment
failure. The field performance analyzer guides
analysis and subsequent action for the WAG
cycle. Finally, the Avocet Integrated Asset
Modeler is the optimization software. Control
parameters for the Avocet software are rate and
time for injection of water and gas, while
production is constrained by erosional velocity at
the chokes and by bottomhole flowing pressure.
The integrated asset modeling software outputs a
two-year oil-production forecast for each well
and a two-year reservoir-pressure forecast. 

StatoilHydro has linked all these individual
components together with a supervisory work -
flow automation module. Automation allows the
individual components to act in concert to
perform four distinct tasks for the WAG cycle at
Snorre-B—optimization, analysis, production
monitoring and tuning (next page).

Control and connection of the Snorre-B WAG
workflows during development and testing use
technology that integrates loosely coupled
processes within and between locations in a Web-
based environment. Some of these calculations

26 Oilfield Review

> Snorre field. The StatoilHydro Snorre field is located in the Norwegian sector of the North Sea and
covers an area 8 km [5 mi] wide by about 20 km [12 mi] long. Snorre-B (circled), a development in the
northernmost part of the field, is a subsea development with two production and two injection
templates tied back to a semisubmersible drilling, process and accommodation platform. Snorre-B
produces from the Lunde reservoir, a complex structure with varying qualities and many barriers to
flow. This reservoir is characterized by long horizontal wells and limited access for intervention.
(Adapted with permission from StatoilHydro.) 
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23. “Improved Recovery from Subsea Fields,” http://www.
statoil.com/statoilcom/technology/SVG03268.nsf?Open
Database&lang=en (accessed September 4, 2007).
SIOR was initiated by Statoil in 2004 to achieve an
average recovery factor of 55% from its subsea fields 
by 2008. This corresponds to an increase of about
191 million m3 [1,200 million bbl] of recoverable 
oil reserves. 

24. “Challenges in Developing and Draining the Lunde
Reservoir on Snorre B,” Statoil, http:// www.spe.no/
stavanger/doc/Past%20Events/SPE_meeting_11_01_06.pdf
(accessed September 4, 2007).

25. Sagli et al, reference 2.
26. SIPOC is a tool used to identify all the elements of a

complex process by considering sources (S), inputs (I),
process (P), output (O) and customer (C).
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> Snorre-B water-alternating-gas demonstration workflows. The supervisory
automation module executes four primary workflows, three of which are
illustrated. The optimization workflow (top) handles long-term planning for
the asset. Using a simplified reservoir model as a proxy, the optimizer
develops a production forecast and injection rates, which feed into the
integrated asset modeler to develop a solution for the surface facility
network. From this, ECLIPSE reservoir simulation software validates the
proposed solution and the new forecast is sent back to the workflow
automation. The analysis workflow (middle) is the core offline evaluation
component and is triggered by an out-of-range target or constraint.

Predefined instructions based on the triggering event speed up the
analysis, which may require a new execution of the integrated asset
modeler. The production monitoring workflow (bottom) is updated the most
frequently. If any key performance indicator is out of limit, an alarm is
triggered and the analysis workflow described above begins. Alternatively,
if all indicators are in range, production monitoring will complete
calculations and send reservoir-pressure and well-rate estimates to the
tuning workflow for choke control (not shown). This loop sets choke
positions so that production and injection targets may be met. (Adapted
from Sagli et al, reference 2.)
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and transactions may run weeks or months—not
just minutes or hours. Connections that
emphasize data integrity and security between
application and location are paramount.
Connection between the various processes was
uniquely handled on two levels—between
applications and between locations. The
communication protocol between applications
uses PRODML, a standard E&P industry interface
for data exchange.27 The communications
architecture connecting Norwegian locations and
centers in four other worldwide locations allowed
remote access to the demonstration results and
production data (below).28

Although workflow automation for WAG
optimization at Snorre-B is still under
development, StatoilHydro is already realizing
benefits from the work. First, integration of
current users into the development and

demonstration ensures that their accumulated
experience is embedded in the streamlined
workflow. Secondly, a simplified reservoir model
was developed that provides results in minutes
rather than hours—a necessity when including
the model in the optimization loop. Finally,
increased use of automation in production
monitoring is an important milestone. Alarms
are triggered appropriately, and the combination
of monitoring and subsequent analysis results in
faster turnaround times for unexpected
situations. Avocet software, incorporated into a
corrective and supervisory workflow, is playing a
key role in delivering all these benefits.

Toward the Intelligent Field
Although the technology to obtain and transmit
data in real time has been available for a few
years, the oil industry has been slow in

adoption.29 As the appreciation of increased
recovery has spread, its absorption rate in the
field is improving. This is also aided by real-time
options that are simultaneously growing in
capability and shrinking in cost.30 For example,
BP has coined the name “Field of the Future” for
the intelligent field and is taking steps to turn
the company’s vision into a reality.31 BP has
combined integrated asset modeling with a
visual, map-based environment at their Arkoma
Red Oak West field.32

BP North American Gas operates this field
near Wilburton in southeastern Oklahoma, USA.
This field contains about 800 gas wells and
400 km [250 mi] of piping in an area 32 km
[20 mi] long by 10 km [6 mi] wide. This asset also
has seven compression stations and more than
70 portable wellhead compressors. In the past,
optimizing fields like Red Oak West meant

28 Oilfield Review

27. For more on PRODML www.prodml.org (accessed
September 10, 2007).

28. For more on the Secure Oil Information Link, or SOIL
Network: www.oilcamp.com/portal/Home/tabid/
93/Default.aspx (accessed September 10, 2007).

29. Snieckus, reference 3.

30. Mochizuki S, Saputelli LA, Kabir CS, Cramer R,
Lochmann MJ, Reese, RD, Harms LK, Sisk CD, Hite JR
and Escorcia A: “Real Time Optimization: Classification
and Assessment,” paper SPE 90213, presented at the
SPE Annual Technical Conference and Exhibition,
Houston, September 26–29, 2004.

31. Reddick C: “Field of the Future: Making BP’s Vision a
Reality,” paper SPE 99777, presented at the SPE
Intelligent Energy Conference and Exhibition,
Amsterdam, April 11–13, 2006.

32. Weber et al, reference 1.
33. Howell et al, reference 4.

> Computing architecture for workflow demonstration and testing.
StatoilHydro workflows, databases, control and integrated asset modeling
routines are located at several Norwegian locations including Stavanger,
Trondheim, Stjørdal and Snorre-B. Schlumberger locations in Baden,

Austria; Abingdon, England; Calgary; and Houston have access to the
workflows and production data through the Secure Oil Information Link
(SOIL). (Adapted from Sagli et al, reference 2.)
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laboriously examining large amounts of data for
hundreds of wells from many sources. As a part 
of their Field of the Future initiative, BP has
successfully brought this field to the forefront of
the intelligent field. A SCADA system was
merged with Avocet Integrated Asset Modeler 
to provide full-field optimization and map-
based visualization.

The online integrated asset model at Red Oak
West can run in either a real-time tracking mode
to monitor current operations or in an offline
mode to evaluate alternative production
strategies. In addition to online modeling, BP has
developed a tool for visualizing Red Oak West

data called “MAPS” that has provided BP
engineers with a map tool to see performance for
a large field (above). Such an environment
enables engineers to quickly identify wells that
are producing below their potential and locate
operational problems such as liquids
accumulation or equipment failure. 

Although production improvement was the
key aspect of the program, BP found other
important benefits. Integrity management was
improved by using visual indicators and
animation to view pipelines for corrosion,
erosion and fluid velocities. BP has discovered
that the MAPS tool is not confined to monitoring

only well and pipeline performance and integrity
variables. It can also track personnel and
equipment for field activities such as
maintenance, drilling or emergency evacuation.

Although there are many drivers in the push
toward the intelligent field, operators most likely
will be motivated by decreased cost and
improved production. Significant increases in
the value of projects will give operators the
greatest push toward the technologies that
define the landscape of the intelligent field
(below left).33 Integrated asset modeling occupies
a key position in this terrain.

Integrated asset modeling is part of a
paradigm shift to digital technology that is
changing the face of oil and gas fields. Starting as
a ripple 25 years ago, this shift has gathered
momentum and is now a wave. At the core of
integrated asset modeling and all of the
associated technologies that make up the
intelligent field are information integration and
communication. The old serial work processes
are disappearing and being replaced by elements
of a new paradigm—one that seamlessly
integrates information between disciplines and
communicates that information across
geographical boundaries. The technologies that
are part of this paradigm tend to break down
barriers and promote collaboration—they are
proactive rather than reactive. Integrated asset
modeling will occupy a key position in the
intelligent field as the industry moves toward
optimization in real time. –DA

> Map-based visualization of Arkoma field performance. Screen captures
from the map-based visualization tool illustrate how asset performance can
be viewed. The Arkoma field is highlighted as red, yellow and green
sections in the introductory screen (left). By zooming into the Red Oak West

section, wells can be viewed by type, production averages and relative
health (right). Bubble charts are used to view the effects of key operating
parameters. (Adapted from Weber et al, reference 1.)
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> Intelligent field potential. Use of digital technology in oil and gas fields is
expected to provide significant improvements to oil and gas field NPV (net
present value) for both greenfield (not developed) and brownfield (already
developed) sites. These improvements will come about as a result of
employing several key technologies—remote sensing, data visualization,
intelligent drilling and completions, automation and data integration.
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Electric Submersible Pumps for 
Artificial Lift Intelligence

John Algeroy
Rosharon, Texas, USA

For help in preparation of this article, thanks to Ryan Cox,
Rosharon, Texas; Ramez M. Guindi and Grant Harris, Houston;
and Barry Nicholson, Sugar Land, Texas.
espWatcher, FloWatcher, MultiPort, MultiSensor, Phoenix,
QUANTUM, RapidSeal and REDA are marks of Schlumberger. 

Once considered suitable only for high-cost, high-productivity developments, intelligent

well technology is increasingly being used to enhance the value of maturing assets.

Wells equipped with electric submersible pumps (ESPs) are particularly suited to this

blend of old and new. Already equipped with downhole electric cables and protectors,

ESP wells are easily fitted with monitoring and control devices at a relatively small

incremental cost.

Intelligent control is not exclusive to complex and
highly instrumented wells. Its use also has the
potential to revolutionize production practices in
mature fields. Some operators have already
discovered that coupling real-time control with
electric submersible pump operation can reap
substantial rewards.

For years, operators have been monitoring
and controlling the performance of ESPs from the
surface. Operators can avoid early pump failure
by adjusting the frequency of the signal sent to
the pump’s variable-speed drive motor controller.

This adjustment can also be used to avoid
underloading an ESP and increase production
volume. To find this optimal middle ground,
engineers use real-time data and modeling to
design the pump to fit the specific requirements
of each well. Two-way remote communication
provides operators with pump performance over -
sight and control from considerable distances. 

More recently, engineers have taken the
concept a step further by mixing components of
intelligent technology aimed at reservoir
management with ESP remote monitoring and

> Monitoring and control with an espWatcher surveillance and control system for ESPs. After the
pump was started on a West Texas well, intake pressure was measured (A) and seemed to be
stabilizing above 300 psi [2.1 MPa], which is about 150 psi [1.0 MPa] higher than the design estimate. 
A damaged choke on an adjoining injector was repaired and the injection rate controlled (E), resulting
in a 200-psi [1.4-MPa] flowing pressure that was much closer to design criteria. Unexpected spikes 
(B and D) during a weekly chemical treatment process were caused by shutting the flowline while
the pump was running. The production engineer quickly found that the field operator had shut the
well down to change a leaking valve downstream (C). The engineer started the pump remotely,
ensured proper initial operation, and monitored events during the initial drawdown. Later, the well
was shut down and started remotely to perform routine maintenance and then restarted (F). The
variable-speed drive frequency was increased to maximize production (G).
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1. Konopczynski MR, Moore WR and Hailstone JJ: “ESPs
and Intelligent Completions,” paper SPE 77656, presented
at the SPE Annual Technical Conference and Exhibition, 
San Antonio, Texas, September 29–October 2, 2002.

2. Vachon G and Bussear T: “Production Optimization in
ESP Completions with Intelligent Well Technology,”
paper SPE 93617, presented at the SPE Asia Pacific 
Oil and Gas Conference and Exhibition, Jakarta, 
April 5–7, 2005.

3. For more on electric submersible pumps: Bremmer C,
Harris G, Kosmala A, Nicholson B, Ollre A, Pearcy M,
Salmas CJ and Solanki SC: “Evolving Technologies:
Electrical Submersible Pumps,” Oilfield Review 18, no. 4
(Winter 2006/2007): 30–43.

4. Oyewole P : “Application of Real-Time ESP Data
Processing and Interpretation in Permian Basin
“Brownfield” Operation,” paper IPTC 10927, presented 
at the International Petroleum Technology Conference,
Doha, Qatar, November 21–23, 2005.
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control. This combination enables significantly
increased flow rates or ultimate reserves recovery
by optimizing pump performance. In multizone
completions, surface-actuated down hole flow-
control valves allow operators to change or shut
off flow from distinct producing zones within a
well without intervention costs and risks.
Permanent downhole pressure and temperature
gauges that monitor production zones at the
sandface indicate when to open a new zone or
shut in a failing one without having to first run a
production log to identify the offending water or
gas producer. 

Use of intelligent flow control devices and
sensors helps direct work done by the ESP toward
lifting more oil and less water, achieving greater
drawdown in production zones. The pump is 
also subject to less damage from slugging and gas
in the flow stream while allowing operators to use
smaller ESPs, gas separators and gas-handling
equipment.1 Furthermore, flow control valves
allow operators to protect formations during
workover operations in ESP-lifted wells (right).

Despite these advantages, intelligent technol -
ogy in ESP-lifted wells has long been perceived as
a luxury suitable only for major and large
independent operators. Traditional monitoring
methods—including plotting meas ured electric
current data at the surface to determine pump
efficiency and using acoustic measurements to
determine fluid levels—are still employed on the
majority of these wells. Such practices are
inefficient and labor-intensive as they require
frequent wellsite visits to collect data and to
manually adjust pumps. 

Recently, however, some small operators of
mature oil-producing provinces—where low-
pressure fields on artificial lift account for the vast
majority of oil and gas production—have begun to
embrace real-time data processing and
interpretation to lower costs while improving
reservoir management. Many of these operators
have learned that mixing intelligent technology
with ESPs is especially effective in wells with zones
prone to water production. For example, one
operator in Indonesia set a single on-off valve to
control inflow from a water-prone, lower zone. A
strain gauge at the bottom of the well detected
water in the production stream by measuring the
hydrostatic pressure difference created. Upon
detection of water, the zone was then shut off until
the water cone relaxed. The zone was later brought
back on line until the situation redeveloped.
Repeating this cycle allowed the operator to
extract 100,000 barrels [15,900 m3] of oil from the
lower zone that would have been bypassed.2

Increasing Remote Monitoring and Control 
Through increasingly sophisticated applications
such as the Schlumberger Advanced Lifting
Service and the espWatcher surveillance and
control system for electric submersible pumps,
data on ESP performance and downhole and
surface power are captured from the wellsite in
real time. The data are sent to a hub to be
analyzed by experts who can remotely take such
actions as ESP starts, stops and speed control.3

Data are also processed and compared
against preset alarms based on pump, motor, well
and reservoir performance limits. Alarms can be
sent to interested parties by pagers, e-mail, cell
phones and faxes. Because experts are able to
analyze the cause of and find solutions to the
pump failure, these processes allow wells to be
brought back on line remotely and within a very
short time of having stopped. The cost advan -
tages, in terms of labor costs and avoided lost
production, can be significant.

When sophisticated computer simulation and
engineering software packages are brought to
bear, pump behavior can be modeled based on in-
situ fluid data and compared to bench-test
perfor mance curves for each specific pump. Well
performance is then analyzed against the well
model. Pressure data at each node, combined
with completion and fluid properties
information, provide periodic well and reservoir
diagnostic checks and easy identification of
under performing ESP wells.4

In an example from the Permian basin in
West Texas, an espWatcher system recorded
pump data in real time (previous page, bottom).
After the pump started, the well stabilized at a
pressure higher than the design estimate. Over
the next few weeks, the trend showed that a
damaged choke on an adjoining injector well was
causing injection at 31⁄2 times the desired rate.
The increasing water cut was wasting power. The
operator repaired that choke and controlled the
injection rate, resulting in a flowing pressure
that was much closer to the design criteria. 

In addition, unexpected spikes were found
to be caused by a weekly chemical treatment
pro cess in which the flowline was shut while the
pump was running. This process was revised so
that the well could continue to flow during
treat ment and the pump motor temperature
increase would be negligible. This type of event
is much easier to identify with pressure and
temperature measurements than with tradi -
tional amperage measurements.

> Well integrity. Aside from the ability to change
or adjust production zones without rig-based
interventions, remotely controlled flow control
valves can also be closed to isolate formations
from invasive kill fluids during scheduled ESP
replacement operations. In the above config -
uration, the electrically actuated 31⁄2-in. tubing-
retrievable flow control (TRFC-E) valves can be
closed before the ESP is pulled. This prevents
wellbore fluids from entering the production
zones when the sealing mechanism provided by
the ESP is removed. This is a particular problem in
mature fields and pressure-depleted formations,
where fluid invasion during workover operations
has been known to severely damage reservoirs
and significantly reduce ultimate recovery.

7-in. tubing

ESP

7-in. x 31/2-in.
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MultiPort packer

7-in. x 31/2-in.
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5. Vachon G and Furui K: “Production Optimization in ESP
Completions with Intelligent Well Technology by Using
Downhole Chokes to Optimize ESP Performance,” paper
SPE 93621, presented at the 14th SPE Middle East Oil and
Gas Show and Conference, Bahrain, March 12–15, 2005.

6. Vachon and Furui, reference 5.
7. For more on the M-15 Wytch Farm completion: Algeroy J,

Morris AJ, Stracke M, Auzerais F, Bryant I, Raghuraman B,
Rathnasingham R, Davies J, Gai H, Johannessen O,
Malde O, Toekje J and Newberry P: “Controlling
Reservoirs from Afar,” Oilfield Review 11, no. 3 
(Autumn 1999): 18–29.

Zemlak K and Staal T: “Coiled Tubing: The Next
Generation,” Oilfield Review 16, no. 1 (Spring 2004): 38–57.

10. For more on the NE Intan A-24 well: Fraija J, Ohmer H,
Pulick T, Jardon M, Kaja M, Paez R, Sotomayor GPG 
and Umudjoro K: “New Aspects of Multilateral 
Well Construction,” Oilfield Review 14, no. 3 
(Autumn 2002): 52–69.

11. For more on water management: Arnold R, Burnett DB,
Elphick J, Feeley TJ III, Galbrun M, Hightower M, Jiang Z,
Khan M, Lavery M, Luffey F and Verbeek P: "Managing
Water—From Waste to Resource," Oilfield Review 16,
no. 2 (Summer 2004): 26–41.

8. Algeroy J and Pollock R: “Equipment and Operation of
Advanced Completions in the M-15 Wytch Farm
Multilateral Well,” paper SPE 62951, presented at the
SPE Annual Technical Conference and Exhibition, Dallas,
October 1–4, 2000.

9. The TAML (Technical Advancement of Multilaterals)
Level-6 classification is based on the pressure integrity
of the lateral junction. A Level 6 is achieved with sealed
casing that includes reformable junctions and non-
reformable, full-diameter splitters. http://www.taml.net/
newsite/classification.asp (accessed November 28, 2007). 
For more on TAML Levels: Afghoul AC, Amaravadi S,
Boumali A, Calmeto JCN, Lima J, Lovell J, Tinkham S,

Benefits derived from these real-time remote
monitoring and control tactics are sometimes
dramatic and immediate and often return
operator investment quickly. In another West
Texas well, for example, a small operator was
spared the significant expense of replacing a
motor destroyed by overheating when real-time
data triggered an alarm system and alerted an
engineer to an impending problem. Another
operator optimized and sustained production by
continually monitoring well performance and
adjusting pump speed to match performance. 

Intelligent well technology with hydraulically
or electrically actuated downhole flow control in
ESP wells is the next logical step to real-time
remote monitoring and control. For example, a
key element in ESP sizing is the productivity
index (PI) of a target zone. Measured as barrels
produced per psi of drawdown, a wrong PI value,
or more commonly one that has changed over
time, often results in higher or lower flow rates
than specified in the pump design. Such a
condition would cause pump stress through
overloading or less than optimal production due
to underloading. With a variable-setting intel -
ligent flow control valve acting as a choke at the
sandface, the operator can increase or reduce
flow into the wellbore and so adjust drawdown.
The variable-speed drive can then be set to
optimize pump performance.5

Proofs of Concept 
Equally important in optimizing production in
ESP-lifted, intelligent wells are the enhanced
monitoring capabilities of downhole pressure
and temperature gauges. These permanent
sensors allow engineers to calculate flow from
pressure differentials measured across a restric -
tion and to determine density from hydrostatic
pressure differences measured along the length
of the well.6

Downhole flow control and an ESP were first
combined in a single completion in 1999 when
BP used the strategy to control water production
at the M-15 well at its Wytch Farm field in Dorset,
England. The Wytch Farm field was a proving
ground for extended-reach drilling during the
1990s and was also the site of numerous drilling
records, including the first 10-km [6.2-mi]
extended-reach well. Besides being a leading
testing ground for enabling technologies such as
rotary steerable drilling tools, the project made it
possible for BP to drill to environmentally sensi -
tive offshore reservoirs from onshore locations.

The M-15 well was constructed with two
laterals connecting fault-separated reservoir 
sec tions. When it was drilled, the Wytch Farm
field M-15 well set records for, among other things,
the longest reach of any multilateral well—
3,400 m [11,155 ft]—for the northern lateral, and
the greatest length—1,800 m [5,905 ft]—of

perforating guns. The completion included a
REDA electric submersible shrouded pump and
three hydraulically actuated, side pocket-mounted
wireline-retrievable flow control valves (WRFC-H)
with six settings including fully opened and fully
closed (left). In an industry first, one of the flow-
control devices was installed below the ESP. The
well was also equipped with a flowmeter above the
ESP and a MultiSensor well monitoring unit for
submersible pump comple tions immedi ately
below the ESP. The flowmeter measures total flow
through the pump. The MultiSensor system
measures temperature, vibration and intake
pressure in the lateral and uses the pump cable
for signal transmission.7

BP first produced the north lateral for about 
six months with the WRFC-H fully opened. It was
then shut in. At the time of shut-in, it was
producing about 11,000 bbl/d [1,748 m3/d] of fluid,
3,000 bbl [477 m3] of which were oil. The southern
lateral was then fully opened while production
from the northern lateral was controlled.
Combined production was stabi lized at 4,000 bbl/d
[638 m3/d] of liquid with a water cut of 25%. Net oil
production was thereby equal to that of the north
lateral before it was shut in.8 As a consequence, the
operator was able to control expected early water
influx and in so doing recover 1 million bbl
[158,900 m3] of additional oil.

Downhole flow control and permanent
sensors were used in a similar manner on the
world’s first TAML Level-6 multilateral well
drilled and completed by China National
Offshore Oil Company (CNOOC) in 2002 (next
page).9 Again, the hydraulically actuated valves
were used to minimize water influx and
selectively control flow from each of two laterals
on the NE Intan A-24 well in the Java Sea,
offshore Indonesia. MultiSensor gauges provided
real-time pressure, temperature and flow-rate
measurements for each branch, and a REDA ESP
lifting system optimized oil production.

By combining the advantages of ESPs,
multilateral wells and remote monitoring and
control, CNOOC was able to reap benefits beyond
water control. The multilateral configuration
maximized the company’s return on investment
by allowing drainage of the same reservoir

32 Oilfield Review

> A Wytch Farm first. The M-15 well was the first with a surface-controlled flow control device
installed below an ESP. Flow control devices were set around 5,300 m [17,390 ft] at a point where
wellbore deviation was more than 85°. A flowmeter above the ESP and a MultiSensor well monitoring
unit for submersible pump completions below it enable monitoring of well performance.

ESP with shroud 41/2-in. WRFC-H 7-in. cemented 
liner

Northern lateral

Southern lateral
81/2-in. open hole

Flowmeter
MultiSensor
monitoring unit

To surface

Original M-2 wellbore
plugged and cemented
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through two wellbores, while using only one well
slot and saving the cost of drilling and
completing the upper section of a second well. At
the same time, intelligent well technology
allowed the operator to monitor and control flow
from each lateral remotely and so easily manage
the reservoir for increased production and
reserves recovery.10

New Demands, Old Solution
Many ESP-lifted wells benefit from intelligent
well technology through better reservoir
management, particularly by reduction of
premature water production. The ability to

determine the source of water production and
then minimize it in multizone completions has
been used around the world with the repeated
result of increased production and reserves
recovery rates. 

The expectation is that ESP-lifted intelligent
wells will become even more attractive as the
industry moves increasingly to oil production from
remote areas where high volumes of water can
generate significant costs. Offshore, for example,
the ability to prevent water from reaching the
surface and taxing limited platform-based
processing facilities has spurred the industry to
spend millions of dollars researching methods to
remove and dispose of water downhole.11

Since such subsurface water separation
technology is yet to be proved and some of 
the industry’s most expensive deepwater projects
are lifting large volumes of oil with ESPs,
downhole flow control chokes and sensors may
be at least an interim solution to unwanted 
water production. —RvF

> Advanced completions. Combining a RapidSeal multilateral completions
system, a hydraulic flow control valve, downhole sensors, a REDA ESP and
Phoenix artificial lift downhole monitoring system, this CNOOC well in the
Java Sea, Indonesia, is the first intelligent TAML Level-6 multilateral well
(left ). Flow from Lateral 2 (green arrows) is commingled with flow from

Lateral 1 (red arrows) after passing through the flow control valve. The
arrangement allows the operator to drain one formation with two wellbores
while leaving the option to regulate their flow rates. The well schematic
(right) shows the trajectory of each branch drilled below the 95⁄8-in.
RapidSeal junction.
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Reservoirs, wellbores, gathering lines and processing facilities are complex, dynamic

systems, and changes in any one parameter can resonate throughout. With the advent

of downhole and surface sensors and instrumentation for optimizing system

performance, operators are faced with processing and managing enormous streams of

data produced by these systems. Just as other industries are growing adept at

handling and responding to critical data in real time, so too are E&P companies, which

are now implementing new workflows in processing, analysis and information sharing

to achieve their goals.

Wellbore sensors produce a great deal of data,
but instrumented production systems generate
data at even more astounding rates. Sensors
placed downhole, mounted on wellheads, along
flow lines or inside process equipment transmit a
relentless stream of digits. Operators receive
real-time, episodic, discrete or streaming field
data and extract temperature, pressure, flow rate
or other measurements to ascertain the status of
downhole and surface systems linked to their
assets. Every measurement and piece of data is
intended to make operators better informed, and
help them make quicker decisions that will
improve recovery factors, increase reserves and
ultimately increase the value of their assets.

E&P companies are striving to adopt new
ways of managing and processing their
operational information. Achieving this end can
be challenging. The sheer volume of data
produced by instrumented systems may be
overwhelming, and the slightest delay in routing
all these data to the right departments, computer
models and personnel may prevent operators
from realizing the full value of their data. 

Much of the technology to acquire and
process the data has been developed. 
Downhole sensors and instrumentation are
engineered for reliability in increasingly
challenging environments domi nated by extreme

temperatures and pressures (see “Intelligent
Completions—A Hands-Off Management Style,”
page 4). Advanced transmission systems are
quite capable of conveying data, voice and
images at near-instantaneous rates to enable 
the exchange of information and instructions
between individual wells and various stake-
holders in the field and office.1

Software that conditions and manages the
data is readily available. Engineers can securely
access key operational data, and can choose from
a variety of programs to evaluate and model
performance at the reservoir, pump, wellhead,
pipeline or refinery (see “Optimizing Production
from Reservoir to Process Plant,” page 18). The
data management and processing challenge,
therefore, does not arise from lack of data or
software capabilities. 

To get the best performance from a field, how
does an asset team find the key measurements
that will indicate when reservoir or component
performance is declining? In large fields that
often involve hundreds of wells, an engineer
might have to sort through thousands of datasets
to evaluate asset performance. E&P companies
are realizing that their personnel can spend
inordinate amounts of time simply looking for the
right data and conditioning the data for
acceptance into modeling programs—before

1. For a perspective on data transmission: Brown T, Burke T,
Kletzky A, Haarstad I, Hensley J, Murchie S, Purdy C and
Ramasamy A: “In-Time Data Delivery,” Oilfield Review 11,
no. 4 (Winter 1999/2000): 34–55.
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ΔΔP1 = PR – Pwfs

ΔP2 = Pwfs – Pwf
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ΔP7 = PRB – Psep

ΔP8 = Psep – PCD

ΔP9 = Psep – PPD
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ΔP11 = PPD – PLD
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finally getting to evaluate the data.2 The
challenge, then, lies in moving validated sensor
data to the right programs or models that
evaluate the entire system—from reservoir to
distribution lines—and doing it all in time to
make the best decision. 

Other industries, such as medicine and
aviation, have come to excel in processing and
evaluating constant streams of data. In hospitals
and air-traffic control centers, crucial decisions
are made following rapid analysis of constantly
changing data. Doctors, nurses and medical
technicians carry out surveillance and evaluation
of patient ailments, with automated systems
performing electronic triage of their wards. Air-
traffic controllers receive a variety of inputs that
enable them to regulate the spacing between
aircraft, and they receive alerts when a plane
encroaches on the airspace of another. In each
case, datastreams are converted into visual
displays and audio cues that enable specially
trained experts to immediately ascertain the
status of their systems. Visualization is key to
interpretation of their data, and is critical for
responding quickly to rapidly changing situations.

In the oil field, visual displays are becoming
increasingly important for managing the
development and production of reserves. These
tools provide a common focal point for
collaboration and discussions to help individuals
understand the implications of data and
information that might lie outside of their
discipline. As focal points, they are also
gathering places that move individuals out of
their ‘silos’ of expertise, promoting cross-
functional integration into asset teams that carry
out collaborative analysis of the data. Asset
teams are coming to depend on these displays for
assimilating large volumes of data and making
informed decisions about rapidly changing
production systems.3

One approach to making timely, informed
decisions combines visual displays with
automated surveillance and management of data
by exception. Basically, a green-yellow-red-light
system is used to screen sensor data (next page).
Green measurements indicate that a component
or system is performing within specified limits
and requires no action or further attention.
Yellow is an alert, meaning the sensor
measurement is approaching upper or lower
bounds. Red is an alarm, indicating that the
component has been shut down because sensor
measurements fall outside of specified ranges.4 A
yellow alert is one key to asset management that
helps operators avoid deferred production.

Operators take proactive measures on yellow
alerts, and are reactive to red alarms.

Who sets the bounds for the system alarms?
This is an area where knowledge capture is
important. The operating limits may be set
according to several criteria, such as previous
performance history, goals set forth in the
business plan, or various model predictions.
Once alarm limits are specified, asset teams
charged with optimizing production from
hundreds of wells need only respond to a handful
of yellow or red lights that signify readings
approaching or falling outside of preestablished
limits. This frees operations and engineering
personnel to focus on more urgent matters that
require analysis and prompt resolution.

Reservoir performance optimization incorpo -
rates a variety of workflows that allow asset
managers to move from data acquisition and
analysis to action. At this level, experts analyze
the data and account for certain operating
constraints to improve production. For example,
by analyzing the frequency curve of an electric
submersible pump (ESP), a surveillance
engineer might determine that increasing
electrical power will increase production, while
decreasing vibration and reducing wear on the
pump.5 However, such decisions to increase
power should be weighed against other
operational constraints specific to the well or
field, such as the risk of increased sand
production, the cost of electricity or the cost of
handling increases in produced water.

These matters often affect several
departments within the production organization,
and optimal response usually requires input from
each department, to avoid working at cross-
purposes. Otherwise, actions taken to improve
performance in one area may adversely impact
another. This article describes the drive to
integrate real-time and episodic measurements,
automated workflows and analytical models to
optimize performance throughout the life span of
a reservoir. A case study from Brazil describes
the process that one operator used to achieve
this goal. 

Challenges and Capabilities
Mounting challenges in replacing reserves
through new discoveries are prompting oil and
gas companies to focus attention on optimizing
production of proven reserves from existing
assets. Renewed efforts to boost reservoir
recovery, coupled with a brighter economic
outlook for operators, have encouraged E&P
companies to invest in measures to increase

production. Many companies are turning to
downhole and surface sensors and instrumen -
tation, along with advanced completion and
automation technology, in an effort to improve
recovery factors and operational efficiency and
to reduce operating costs.

Increased availability of data resulting 
from improvements in downhole and surface 
sensor technology, combined with impressive
advances in data access, computing power,
analytical capabilities, visualization and
automation, serves to heighten awareness of
operations and enhance the decision-making
abilities of asset managers. Such improvements
have raised expectations for boosting asset
performance and for extracting the most from
every prospect. These advanced technologies
are changing the way in which E&P companies
work, and their benefits can be measured
against key business indicators:
• Increases in recovery: Analysis and prediction

of changing reservoir conditions may spur 
preemptive actions that enable asset teams to
extend production and surpass original 
production targets. As conditions change over
time, these analyses may also identify 
additional recoverable reserves.

• Increases in efficiency: Workflows that detect
impending equipment problems or improve
the efficiency of production equipment can
protect assets and reduce wear, repair costs
and operating expenses. Automated workflows
can also boost human efficiency, allowing 
operators to focus less on mundane tasks and
more on decision quality. Other workflows may
result in better facility utilization.

• Increases in safety: Governmental regulations
hold operators accountable for the integrity of
their product stream, from reservoir to refin-
ery. Real-time monitoring may reduce the risk
of equipment malfunctions or system down-
time, along with ensuing penalties that may
result from flaring, leaks or spills. Further-
more, real-time monitoring and remote
command capabilities may reduce the number
of personnel needed at a wellsite, thereby
decreasing exposure to risks inherent in well-
site operations and associated travels. 

• Decreases in downtime and lost production:
Continuous production monitoring is vital for
detecting the onset of production problems.
Production-monitoring data can indicate grad-
ual trends such as increasing skin factor or
premature water breakthrough; episodic
events, such as equipment failure, can also be
quickly detected.6
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• Decreases in operating costs: Through early
detection and trend analysis of changing
reservoir and operating parameters, asset
managers are better able to schedule remedial
actions such as workover and servicing of
equipment, or facility upgrades. This helps
operators allocate resources to areas where
they will be most cost-effective.

Other contributions from automated oil fields
and advanced workflows show potential for
paying dividends related to future corporate
success. The retirement of experienced
personnel resulting from the anticipated “big
crew change” will affect the manner in which
companies and asset teams handle daily
workloads. While this sophisticated technology
will be instrumental in managing assets with

limited personnel resources, it will also play a
major role in knowledge capture. 

The systematic collection and management
of knowledge will be useful in bridging the gap
between experienced personnel and those who
are new to an organization. New personnel will
be able to track the history of an entire
production system, along with changes to its key
parameters over time. Then they can review the
team’s response to those changes and learn
from resulting outcomes. Furthermore, with
much of an asset team’s expertise concentrated
at a central monitoring and support facility, 
a small group of highly experienced experts 
can mentor less experienced staff spread 
across remote locations, reducing risk and
accelerating training.

2. By one estimate, 60% to 80% of a professional’s time may
be spent finding and preparing data. For more on this
problem: Unneland T and Hauser M: “Real-Time Asset
Management: From Vision to Engagement—An
Operator’s Experience,” paper SPE 96390, presented at
the SPE Annual Technical Conference and Exhibition,
Dallas, October 9–12, 2005.

3. Murray R, Edwards C, Gibbons K, Jakeman S, de Jonge G,
Kimminau S, Ormerod L, Roy C and Vachon G: “Making
Our Mature Fields Smarter—An Industrywide Position
Paper from the 2005 SPE Forum,” paper SPE 100024,
presented at the SPE Intelligent Energy Conference and
Exhibition, Amsterdam, April 11–13, 2006.

4. “Acting in Time to Make the Most of Hydrocarbon
Resources,” Oilfield Review 17, no. 4 (Winter 2005/2006):
4–13.

5. For more on ESP monitoring and surveillance: Bremner C,
Harris G, Kosmala A, Nicholson B, Ollre A, Pearcy M,
Salmas CJ and Solanki SC: “Evolving Technologies:
Electrical Submersible Pumps,” Oilfield Review 18, no. 4
(Winter 2006/2007): 30–43.

6. Unneland and Hauser, reference 2.

>Monitoring key performance indicators. A map view (top) displays wells and their status. For example, ProductionWatcher
real-time remote surveillance of Well B4 (circled) tracks operating conditions. A historical view (bottom) of pressures
and associated alarms, alerts and variances is used in drawdown surveillance and maintenance, and helps an operator
follow the drawdown trend over time.

Well is operating within acceptable range.

Well is shut down.

Well is operating, but some measurement
has deviated beyond acceptable limits.

Bottomhole pressure limit

Surveillance methods

Predictive sanding limit

Sandface drawdown limit
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The BlueField intelligent asset integration
service has been developed to help E&P
companies obtain the most from their investment
in instrumented or intelligent technologies. 
This customized, broad-based, multidisciplinary
approach to production optimization links
downhole and surface instrumentation, inte -
grated asset models and automated workflows
(above). It provides asset managers with the
information they need to respond to changes in
their reservoirs, wells and processing systems. In
addition, the BlueField system encourages
petrotechnical personnel to share expertise,
providing a collaborative environment backed by
data acquisition, transmission, storage, modeling
and visualization systems.

From Data to Decision
To get the most from their instrumented oil fields
and personnel, operators use a variety of
processes, or workflows, to acquire, condition,
screen and analyze data—often from hundreds
or thousands of locations throughout a field.
Other workflows have been developed to flag
systems or components that are performing

outside acceptable limits, to diagnose problems
and to recommend corrective actions. 

Some workflows guide asset teams through
the process of data surveillance, and on to
decision making. These workflows transform an
instrumented field into an “intelligent” field by
integrating streams of data, then interpreting
and converting downhole and surface
measurements into meaningful information that
asset teams can act on. 

A workflow is a sequence of activities,
organized into routines or subroutines—some of
which may be iterative and quite complex—that
are carried out in a predefined order to achieve a
particular goal. Each step receives input in
various formats, ranging from digital files or
spreadsheets to expert commentary. This input is
then processed using a predefined mode, such as
a reservoir simulator, spreadsheet analysis, or
structured discussions and meetings. The
resulting output is utilized in subsequent steps.
The goal for most operators is to arrive at an
answer that will be used as input for other
dependent processes, or which will be used to
drive a decision. Repetitive workflows can often

be automated, freeing personnel to address
nonroutine tasks.

The workflow for an intelligent field typically
contains a number of primary routines that may,
in turn, be divided into smaller, more intricate
subroutines (next page, top left). To move an
asset team from data to decision, most workflows
will follow the general steps described below.

Data acquisition, transmission, management
and validation—A network of downhole and
surface sensors, previously installed by the
operator, obtains measurements at constant,
periodic or episodic rates. These data are
typically acquired by the operator’s supervisory
control and data acquisition (SCADA) system,
which transmits data from the field to the
operator’s office. There, the data are conditioned
and validated prior to evaluation (see “An
Automated Approach to Data Quality
Management,” page 40).

Surveillance—This is the problem-detection
phase, during which asset surveillance engineers
monitor the status of operations in real time.
This task requires rapid access to data, as well as
the capability to visualize it.
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> An asset-management model. This approach calls upon automated
workflows to acquire and screen pertinent data, flag underperforming
components, diagnose problems and recommend corrective actions to

optimize production throughout the asset. An open architecture design
permits integration with the client’s own hardware and software systems.
(Adapted from Unneland and Hauser, reference 2.)

Operations Efficiency Production Optimization Field Management

Well and network model

Reservoir model Economics model

Process model

Measurement
and control

Data
transmission

Data
storage

Single-well
monitoring

Pressure

Volume

Control and
action

Data preparation
and surveillance

Well
diagnostics

Production
optimization

• Forecasting
• Flow assurance
• Workover and maintenance schedule

• Infill-drilling campaign
• Asset-wide optimization

Reservoir
simulation

Reservoir
optimization

SCADA system

Field Office
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During this phase, validated data are, in many
cases, automatically evaluated against preset
limits in the surveillance system. Before values
exceed preset limits, the detection system
activates alerts to notify operators that perfor -
mance is trending beyond standard limits. These
surveillance systems usually monitor both
historical and model-based conditions. Alerts are
generated either when data values differ from
historical values—as might be computed from a
five-day moving average—or when they deviate
from model-based values, such as those predicted
by pressure-decline curves.

Problem analysis—Measurements of
performance are compared against historical
performance trends, business plans, or reservoir
and facility models, using tools such as ECLIPSE
reservoir simulation software, PIPESIM produc -
tion system analysis software or Avocet
Integrated Asset Modeler. 

Solution selection and decision—Monitoring
data are coupled with expert numerical modeling
and decision-making applications, then reviewed
by multidisciplinary asset teams, who reexamine
model results from various production scenarios,
and then decide upon the optimal course of
action. Results are captured in a knowledge base
for future exploitation.

Workflows vary in scope, from field
development planning or waterflood optimization
to sand management and ESP performance
optimization (below). For example, most
production scenarios require maintenance and
close scrutiny of drawdown pressures. A general
drawdown-monitoring workflow might be
structured along these lines:
• Pressure and temperature data acquired 

continuously by a downhole pressure gauge
are transmitted in streaming mode to the
receiving system.

> Typical oilfield workflow. A system of automated
routines and subroutines acquires, conditions
and analyzes field data in time for asset managers
to respond to changing operational conditions.

Downhole and surface sensor measurements

Data transmission and delivery

Data management

Data validation

Surveillance: Problem detection

Analysis: Problem diagnosis

Decision: Solution selection

>Workflows for asset management. Separate workflows for data conditioning, well performance and reservoir performance show the interactions
between various processes, in which output from one workflow serves as input for those that follow.

Reservoir PerformanceWell PerformanceData Conditioning

Depletion Efficiency

Reservoir Surveillance
and Optimization

(KPI calculations,
smart alarms and visualization)

Recovery Efficiency

(Depletion, enhanced oil recovery)

Waterflood Management

(Voltage, injection optimization)

Steamflood Management

(Injection efficiency)

Gas Storage Management

(Injection and production efficiency)

Well Productivity and
Injectivity Surveillance

(Threshold limit, inflow
performance relationship

surveillance)

Drawdown Surveillance

(Bottomhole pressure limit,
sandface drawdown

limit, production potential)

Artificial Lift Surveillance

(Operating conditions,
outflow constraints)

Production Startup and

Shutdown Monitoring 

(Gas production,
annular pressure)

Sand Control and Management

(Sand production,
well productivity)

Production Performance
Monitoring

(Target rates, production decline)

Well Surveillance
and Optimization

(KPI calculations, 
smart alarms and visualization)

Well Status

(Shut-in, downtime calculations)

Well Test Analysis

(Identification of stable period,
data validation, correlations)

Monitoring and Basic
Surveillance

(Key performance indicator
(KPI) calculations, smart
alarms and visualization)

Data Preparation

(Filtering, outlier removal, 
quality control, data availability)

Rate Estimation

(Neural networks,
polynomial coefficients,

virtual flowmeter)

Back-Allocation

Production Rate Allocation

(Reconciliation, field factor,
uncertainty in estimated rates)

Data Preprocessing

(Cross-validation, 
data generation and normalization,

virtual measurements,
handling missing data,

aggregation)

Reservoir Proxy Modeling

(Interference, aquifer strength,
hydrocarbons in place)

Well Productivity
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As additional instrumented oil fields come on
line, operators are finding the return on their
investment in sensors and instrumentation
can be measured, in part, by the quality of the
data the new technology generates. Just as
the asset teams manage completion systems
and production facilities, so too must they
manage their data.

Like all physical assets, data require main-
tenance over time. Raw data will degrade
when errors are introduced—typically
through human intervention, as when data are
manually entered into spreadsheets or various
processing routines used for decision making.
Data errors are easily generated; a misplaced
decimal, typographical error or erroneous
map datum can relegate well data to a new
geographical province, redraw the boundary of
a field, change the structure of a productive
horizon or alter a completion strategy (right).

The information technology industry has
devised a systematic methodology to address
oilfield data quality and validation issues.
Using data quality management (DQM) 
automated software, operators can evaluate,
correct and synchronize their datasets. One
such line of DQM software has been devel-
oped by InnerLogix, a Schlumberger
company. Its DQM portfolio includes tools for
interactive and automated assessment, and
for improvement and exchange of data
between multivendor datastores and multiple
data repositories.

The DQM methodology relies on six basic 
criteria, or measurement categories, to 
evaluate data quality:
• Validity: do the data make sense, honor 

science and corporate standards? 
• Completeness: does the client have all of the

required data?

• Uniqueness: are there duplicate items in the
same datastore?

• Consistency: do the attributes of each item
agree between data sources?

• Audit: has an item been modified, added 
or deleted?

• Data changes: have any attributes of an item
been modified?
These measurement categories translate

into business rules for assessing the data. 
The InnerLogix QCPro software suite

enables users to create customized rules that
are incorporated into statistical assessments
of data quality. Users can create business
rules that have varying degrees of complexity.

For example, they can develop rules to ensure
that deviation surveys contain a minimum
number of points, with each point increasing
in measured depth. They might want to iden-
tify duplicate data for items such as well
headers, log curves and marker picks, then
remove duplicates from the datastore. Users
can also develop geographic rules to verify
that a surface location falls within a field,
block or country boundary. Other rules have
been developed to confirm that data are con-
sistent between datastores, thus ensuring that
everyone works with identical data.

After assessing the data, QCPro software
allows users to create and edit rules to correct

An Automated Approach to Data Quality Management

> Eliminating costly discrepancies. Errors arising from simple mistakes, such as improperly
transcribed well surface coordinates or an incorrect map datum, can propagate throughout a
database. From log header to base map, or from one database to another, these errors can have
costly ramifications. Customized data validation rules can identify discrepancies between data
sources, and synchronize values based on the highest-rated resource. In this case, well
coordinates based on an aerial survey photograph are preferred to those plotted on the basis of
scout reports (red dots).

0 400ft

0 200m
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• The surveillance engineer and other users
view the pressure and temperature data in
streaming mode.

• The pressure data are smoothed by removing
spikes and obvious errors, and by averaging
over a predefined time interval. 

• Additionally, the running maximum and run-
ning minimum values for pressure are
calculated for each hour. These running aver-
ages are reset at the end of each hour.

• The running maximum, minimum and average
of the pressure data are also calculated for the
day. The running averages are reset at 24:00:00
each day.

• Static reservoir pressure (Pr) in the vicinity of
the wellbore is estimated using material-bal-
ance models or numerical simulations, then
entered at predefined intervals, typically every
48 to 72 hours. On occasion, previously esti-
mated Pr values are reestimated; in this case,
other previously estimated values must 
be updated.

• Drawdown pressures are calculated by sub-
tracting the gauge pressure (Pwg) from the
static reservoir pressure (Pr).

• Limiting values for gauge pressure are calcu-
lated or estimated and entered at predefined
intervals, typically 48 to 72 hours. The sources
are bubblepoint limits, sand-management lim-
its and drawdown limits. Bubblepoint limits are
absolute limits for the bottomhole pressure;
sand-management limits are functions of the
static reservoir pressure; and drawdown limits
are a fixed offset from the static reservoir pres-
sure. Occasionally, these limits are recomputed,
and the previous values must be updated.

• Drawdown surveillance is performed each
hour by comparing the hourly average, run-
ning maxima, running minima and running
averages to the appropriate limiting values for
gauge pressure. 

• Automatic yellow alerts are generated when-
ever the gauge pressure is within a defined
variance from the limit value.

• A surveillance engineer analyzes these alerts
and sets a validation condition for each alert,
based on knowledge of field behavior. These
validation conditions typically range from “no
action required,” to “monitor closely,” or
“action recommended.” The engineer may also
enter supplementary comments.

• An asset manager views a list of wells for
which automatic alerts have been generated,
along with the validation status and the 
surveillance engineer’s comments.

• If complex or unusual problems are discov-
ered, a team of experts may convene for a
quick root-cause analysis.

• Remedial action is taken, based on the sup-
porting analysis.

Change Management
By evaluating the impact of enabling
technologies on traditional asset-management
work practices, and then implementing selective
workflow changes, E&P companies can achieve
significant improvements in asset performance.
Orchestration of these changes is an important
part of any BlueField transformation.

It is human nature to resist the new and the
different. Change is often uncomfortable and
sometimes risky. Before undertaking change,
people generally need to recognize significant
personal benefit arising from a new course of
action. This tendency carries over into
organizations as well. If not motivated by
personal benefit, individuals at all levels in an
organization may directly resist change or
indirectly slow its progress.

A comprehensive change-management plan
is central to the success of large, technology-
enabled transformation projects. From the
outset, it must be acknowledged that change
issues will arise while undertaking BlueField
projects, because these projects often involve
significant alterations to the status quo.
Transformations of asset performance through a
combination of new technology, new skills and
new work practices will require employees to
adjust long-standing work habits and workflows.
Management must be prepared to deal with the
potential resistance to change.

Over the decades, change management has
evolved into a management science. Leading
academic institutions, such as the Harvard
Business School, have published research and
case studies on the effective application of
change-management principles to the workplace.7

Based on these principles, Schlumberger 
business consulting experts have developed a

7. Harvard Business Review on Change. Boston,
Massachusetts, USA: Harvard Business School Press,
1998.

defective data. The verified data can then be
synchronized throughout the client’s various
databases. The creation of automatic correc-
tion rules must reflect the science underlying
E&P practices, processes, standards and
workflows. These correction rules generally
involve copying, calculating or modifying a set
of attributes or data items. QCPro software
has the capability to dynamically identify the
optimum source from which to reference
attribute values during the correction process.

The final phase of the DQM process involves
identifying data quality lapses before low-
quality data are allowed to enter the system.
This phase is instrumental in minimizing
errors that can creep into a dataset during
ongoing interpretation. Without a viable DQM
process, these errors can be perpetuated by
automatically or blindly overwriting data into
project datastores. For example, a wellbore
deviation survey may be loaded into a project
database with the assumption that the survey
was oriented to true north rather than grid
north. QCPro software would automatically
detect this error and prevent its propagation,
thereby reducing team frustration and time
wasted on reworking the data. 

Identifying aberrations in data is important,
but having the ability to automatically correct
them is essential. Utilizing user-defined busi-
ness rules in combination with the results of
assessment runs, QCPro software ensures that
only the highest quality data are synchronized
into project and corporate datastores. With
repeated use, the QCPro suite can systemat-
ically eliminate defects and propagate high-
quality data throughout an asset’s applications.
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transformational change-management approach
for BlueField projects (above).

Before this process is implemented, the
current state of the organization should be
assessed with respect to each of the six major
steps. Based on the results of the assessment, a
comprehensive change-management plan is
created. Early involvement of key players, a
clearly defined picture of the asset and a detailed
vision for operational improvement will lead to
effective changes within the scope of asset
operations and management.

Road Map to Intelligence
The drive toward the intelligent oil field has been
aided by a convergence of technological
improvements, without which instrumentation,
much less intelligence, would have been
impossible. Chief among these developments is
miniaturization. Impressive reductions in size,
cost and power consumption have broadened the
transfer of smart devices and technologies to the
oil field, allowing deployment of real-time
sensors and instrumentation throughout the
asset. These improvements have extended into
the realm of communications, providing vital

links between sensors at the sandface and asset-
management offices around the world. At the
same time, computing power, software and
visualization capabilities have continually
improved, helping engineers and geoscientists
make sense of the data that streams in from the
field. The convergence of these technologies has
been essential for improving the performance,
and extending the productive life, of oil and gas
fields around the world.

Integrating these diverse technologies
requires a carefully formulated plan. The
BlueField development and implementation
process follows a series of steps, which can be
broadly grouped into six phases (below).

Preassessment phase—Initial steps involve
meetings to ascertain general problems and
client needs and goals. Based on this
information, the BlueField team develops a
customized BlueField Road Map to outline the
steps associated with the proposed project—
from the assessment and implementation
phases, through to continuous monitoring 
and improvement. 

Assessment phase—Based on the specially
developed BlueField Road Map, the team conducts
onsite assessment sessions and workshops. In
addition to documenting current capabilities and
practices, the team and client assess operational
problems, risks and opportun ities that might be
realized. These sessions are vital for mapping out
links between critical activities, the data
associated with these processes and the workflows
that support each activity.8 This comprehensive
assessment evalu ates sensors and instrumen -
tation; data-transmission and bandwidth
capaci ties; data management and validation
procedures; produc tion surveillance capabilities;
third-party and in-house processing software; and
field production issues, such as sanding or high
water cut. One major goal at this stage is
documenting key performance indicators (KPIs)
and current performance baselines. These
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> Steps to manage change. This six-step process begins by creating a vision
of the desired work process and culminates in the institutionalization of new
ways of doing business.

Alignment Phase

BlueField Change-Management Process

Implementation Phase

Create a clear and compelling vision:

Ensure that E&P company senior leadership personnel understand the reasons for 
initiating change, have a common view of what the end state will look like, and 
appreciate the value of achieving the proposed change. 

Communicate a sense of urgency:

Generate a real sense of why the organization needs to change; for example,
responding to a competitive threat.

Establish a supporting coalition:

Create a core team of senior management and professionals who share the vision
of change and who have the organizational authority and influence to move the 
project ahead.

Initiate change:

Ensure that the new way of working has a highly visible launch and that its
inauguration has a significant impact on the organization.

Reinforce change:

Systematically recognize, reward and communicate new behaviors that are essential 
to the change initiative’s success.

Sustain change:

Build processes, skills and structure into the changing organization that will ensure 
that it becomes a routine way of working. Measure and document the benefits 
achieved through these changes.

> BlueField development and implementation overview. Based on client input, this basic road map will be filled in with detailed requirements and
specifications that guide the overall process.

Continuous monitoring
and improvement phase

Assessment
phase

Design
phase

Preassessment
phase

Construction
phase

Implementation
phase

Change management

Project management
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baselines will serve as a reference for post-
implementation performance assessment. 

BlueField teams also work with the client to
move from current workflows to desired
workflows. During this stage, the teams assist the
client in establishing project goals relevant to
the operational environment and ensure that
desired outcomes are explicitly defined. Then
they examine performance gaps in technology,
collaborative practices and decision quality that
would impede the achievement of those
outcomes. Highly detailed project requirement
statements based on this input define critical
aspects that the project must improve upon. The
client and BlueField team set project-
management timelines to ensure that critical
milestones are met in a timely manner. They also
devise change-management and implementation
strategies to ensure acceptance and utilization of
BlueField workflows and technology.

Design phase—With a clear understanding of
critical processes, data requirements and
current workflows, the project teams will
determine which workflows can be streamlined
or automated.9 Using requirement statements
and associated workflow maps, the BlueField
team develops a design and project-
implementation plan, which is submitted for
client review and approval. These requirement
statements and workflows form the basis for
technical specifications that stipulate which
technical or engineering components will be
used in the project, and how they will interact in
workflows or processes needed to achieve
previously defined outcomes. The team devises
links between existing client technology and new
technologies. During this phase, project-
management practices are reviewed to ensure
successful implementation of the BlueField 
Road Map.

Construction phase—Previously defined
requirements and specifications drive the
construction and customization of project
components and processes. A variety of
construction tasks will take place concurrently: 
• developing automated surveillance workflows
• developing automated data management and

validation workflows
• developing links to accommodate existing

hardware and software retained by the client

• developing and integrating analytical tools to
work in conjunction with third-party programs
and programs developed in-house by the client

• developing operational workflows in response
to specific issues, such as sanding or flow-
assurance problems

• constructing a collaboration and coordina-
tion center.

Components and workflows are also tested
during this phase to confirm that the desired
outcome will be achieved as intended. This
testing usually takes place in a laboratory
environment to prevent onsite disruption of
client operations. 

Implementation phase—Field teams install
or modify sensors, instrumentation and data-
transmission capabilities. Workflows and
technologies previously tested in a laboratory
setting are moved to the client’s work
environment for installation and further testing.
Pilot-test results are measured and compared
with assessment-phase performance baselines to
quantify improvements in efficiency, cycle time,
decision quality or cost savings.

Continuous monitoring and improvement
phase—Postinstallation performance must be
measured against the established baseline.
Petrotechnical personnel and tools identify
processes that may require adjustments to obtain
better results. Other improvements may be
identified during this process, which can then be
tied back to the design, construction and
implementation phases. Finally, changes to the
existing organizational structure may be made to
provide the most efficient ongoing support for
the new ways of working.

An example from Brazil highlights the efforts
required to develop and implement intelligent
and automated workflows for improving
production in an offshore field. 

Pioneers in Brazil
As Brazil’s largest oil province, the Campos basin
is home to several major offshore discoveries,
including Carapeba field. This field is located in
approximately 85 m [280 ft] of water in the
northern part of the basin (below). Discovered
by Petróleo Brasileiro SA (Petrobras) in 1982,
Carapeba field primarily produces from two
upper Cretaceous turbidite sandstones, with
additional production from Eocene sands.10 Now

8. Murray et al, reference 3.
9. Murray et al, reference 3.

10. Horschutz PMC, de Freitas LCS, Stank CV, 
da Silva Barroso A and Cruz WM: “The Linguado,
Carapeba, Vermelho, and Marimba Giant Oil Fields,
Campos Basin, Offshore Brazil,” in Halbouty MT (ed):
Giant Oil and Gas Fields of the Decade 1978-1988, 
AAPG Memoir 54. Tulsa: AAPG (1992): 137–153. 

> Carapeba field, offshore Brazil. Production from three horizons is tied back to three platforms
designated PCP-1, PCP-2 and PCP-3. Operations at Carapeba field are closely tied to other platforms
at Vermelho (PVM 1-2-3), Pargo (PPG-1) and Garoupa (PGP-1) fields, which are grouped into a single
asset managed by Petrobras. Power generation, multiphase fluid processing, water treatment and
reinjection, and gas injection for each field in the asset are divided among these platforms.
Waterflood sweep efficiency and sand production were among the problems addressed by the
Petrobras initiative to optimize production at Carapeba field.
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a mature field, Carapeba production is hosted by
three platforms that support 41 oil wells and six
water injectors. Except for two wells equipped
with wet trees, each producer in this field is
equipped with dry trees and ESPs.11

Carapeba field has played a leading role in
two important pilot projects carried out by
Petrobras. In 1994, Petrobras installed an ESP in
the RJS-221 well, a vertical well located in 86 m
[282 ft] of water at Carapeba field—marking the
world’s first installation of an ESP in a subsea
well.12 Having gained extensive ESP experience
with wells drilled in shallow waters, Petrobras
conducted this pilot project to test the viability of
ESP technology in subsea applications with the
expectation that this experience would lead
them to substantially greater water depths.13

In 2006, Petrobras selected Carapeba field for
another pilot project. With much of the downhole
and surface infrastructure already in place,
Petrobras recognized that Carapeba field would
make a good setting in which to demonstrate and
evaluate the integration of intelligent
technologies. The field’s three productive
intervals afforded a good opportunity to test
intelligent completion equipment. ESPs had
been installed in each producer—18 were
equipped with variable-speed drives that allowed
operators to remotely adjust power settings.
Some of these pumps were monitored by Phoenix
artificial lift downhole monitoring systems.
Importantly, dry-tree completions for each well
would ease access and reduce the complexity of
installing intelligent completion equipment or
conducting downhole interventions. This
undertaking marked the first of five such projects
designed to test and qualify the best technology,
options and suppliers for optimizing asset
production and efficiency. 

Through installation and integration of
intelligent technologies, Petrobras sought to
improve reservoir sweep efficiency and boost the
field’s recovery factor. In addition to validating
technologies and processes to manage their
fields, Petrobras management defined key

objectives for this pilot project:
• Production optimization: Achieve a 15%

increase in production by monitoring down-
hole sensors.

• Production efficiency: Achieve a 1% increase
in production efficiency through additional
hardware upgrades installed on the platform.

• Recovery factor: Realize a 0.2% increase in
recovery factor through improved regulation of
injection water to increase sweep efficiency
and through optimization of flow using intelli-
gent completions in five to ten wells.

The project began in June 2006.
Schlumberger conducted a site assessment and
workshop involving all disciplines associated
with the Carapeba asset. The site assessment
generated a comprehensive catalog covering the
general layout of the field and platforms; asset
business organization; computer network
architecture; fiber-optic communications; ESPs,
downhole sensors and equipment; water-
injection systems; multiphase fluid processing;
electrical power distribution; well testing; well
intervention; process auto mation; platform
staffing and work rotation; reservoir eval-
uation; management-level informa tion systems;
intelligent completions; health, safety and
environment; and flow assurance. At the
workshop, representatives from each discipline
outlined critical work processes and defined the
current state of the processes they controlled.
During later workshop sessions, they refined
their vision of the desired outcome for those
work processes. The workshop and onsite
assessment were instrumental in identifying
impediments to desired outcomes. Throughout
these sessions, planning teams focused on
processes, rather than on particular products 
or technologies. 

Based on the workshop, Petrobras created
more than 50 requirement statements, which
helped define the scope of work and guide the
selection of appropriate products and
technologies for achieving the desired end state.
Petrobras managers then conducted a value

analysis to prioritize the requirement statements
with respect to their complexity, cost and
ultimate impact on business performance.
Having mapped the state of current and desired
work processes, Petrobras and Schlumberger
project teams used the requirement statements
to guide the development of a project design and
implementation plan for management approval.
Once plans were approved, the work process
maps served as templates for developing
automated workflows. 

The overall plan for Carapeba called for a
system to provide acquisition, transmission and
storage of real-time streaming and episodic data,
along with integrated models of the asset’s
reservoir, wellbores and surface facilities. It also
required a portal platform to integrate
information from production operations and
geotechnical and financial systems. This portal
platform provided an information hub for the
entire asset. Using data and information from
these resources, multidisciplinary asset-
management teams would work in a
collaborative environment to plan, monitor,
control and optimize operational processes. 

Implementation of this project required
extensive coordination and teamwork between
the numerous technical domains within Petrobras
and Schlumberger. To integrate the various
downhole and surface systems, Schlumberger
assembled teams with expertise in project
management, business consulting, petrotechnical
evaluation, reservoir completion, production
engineering, software design, information
management, downhole sensors and oilfield
instrumentation. Clearly, this was a mammoth,
multidisciplinary, multidimensional project. 

Throughout the planning, construction and
implementation phases, business consulting
experts from Schlumberger helped Petrobras
develop and carry out change-management
strategies to engage Carapeba asset personnel,
and align their efforts toward stated goals. These
experts were also instrumental in defining
business and operational KPIs for this asset, as
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11. Wells offshore may be produced through either wet
trees or dry trees. Designed for deepwater fields, wet-
tree wells typically produce through flowlines to a
common subsea manifold, which is connected to the
platform by a riser. Most wet trees are fitted with flow
control valves and pressure and temperature sensors,
which are located at or beneath the seafloor, and which
are optimized to preclude well-intervention operations.
The well-intervention costs for deepwater wet-tree
completions are so great that these wells are designed
with the expectation that physical intervention will not
occur. Dry trees, in contrast, each have a subsea
wellhead connected to a riser, with a tubing hanger and
surface tree mounted at the platform. They are typically

For more on ESPs in Carapeba Field: Cuvillier G,
Edwards S, Johnson G, Plumb R, Sayers C, Denyer G,
Mendonça JE, Theuveny B and Vise C: “Solving
Deepwater Well-Construction Problems,” 
Oilfield Review 12, no. 1 (Spring 2000): 2–17.

13. During this pilot test, the 150-hp REDA pump operated at
2,000 bbl/d [318 m3/d] for 34 months. 

14. Henz CF, Lima CBC, Lhote JP and Kumar A: “GeDIg
Carapeba—A Journey from Integrated Intelligent 
Field Operation to Asset Value Chain Optimization,”
paper SPE 112191, presented at the SPE Intelligent
Energy Conference and Exhibition, Amsterdam, 
February 25–27, 2008.

15. Henz et al, reference 14.

designed to produce to compliant towers, spars and
tension-leg platforms, from which well-intervention
operations are simpler and less expensive. In recent
years, dry-tree capabilities have evolved, allowing their
installation in deeper waters.
For more on deepwater completions: Carré G, Pradié E,
Christie A, Delabroy L, Greeson B, Watson G, Fett D,
Piedras J, Jenkins R, Schmidt D, Kolstad E, Stimatz G
and Taylor G: “High Expectations from Deepwater Wells,”
Oilfield Review 14, no. 4 (Winter 2002/2003): 36–51.

12. Mendonça JE: “The First Installation of an Electrical
Submersible Pump in a Deepwater Well Offshore Brazil,”
paper SPE 38533, presented at the SPE Offshore Europe
Conference, Aberdeen, September 9–12, 1997.
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well as determining how these indicators would
be measured and benchmarked. 

Installation and coordination of these
technologies culminated in development of a
custom-designed collaboration facility, designated
by Petrobras as GeDIg (Gerenciamento Digital
Integrado), a center for digitally integrated

management.14 This collaboration facility brings
together specialists from throughout the
organization to share expertise and provide a
better understanding of the engineering and
economic impacts of various field-development
decisions that are required to manage the
Carapeba asset (above). Similar facilities were

installed at two Carapeba platforms to improve
communication and collaboration between
offshore and onshore personnel. 

Schlumberger equipped Petrobras with
required systems and software for asset
management, along with a fully customized
DecisionPoint Web workflow portal for enhanced
visualization and management of KPIs. The
GeDIg facility features an ergonomically
designed collaboration room, divided into
surveillance, diagnosis and planning areas, along
with a separate crisis room. Concepts inspired by
space-flight control centers and the medical
industry were incorporated into the facility
design to improve decision support and 
decision control. 

Although slated for commissioning in July of
2008, this project achieved an early completion,
and the entire project was inaugurated in
September 2007. Experience gained on the
Carapeba GeDIg project led to expansion of this
concept to other fields. A similar project for
Petrobras is nearing completion at Marlim field,
in the deeper waters of the Campos basin.

Carapeba Workflows
A number of workflows were developed in
conjunction with the Carapeba project. In this
section, we will review some of the improvements
that are helping Petrobras manage the 
asset efficiently. 

Diagnosing ESP and productivity
problems—To prevent unforeseen interruptions
in production, the Carapeba artificial lift team
must be attentive to any change in operating
conditions that might signal the earliest stage of
a production problem. Diagnosing potential
difficulties required team members to scrutinize
large volumes of real-time streaming data. Team
members spent much of their time sifting
through mostly routine data points to find
anomalies that would point to the onset of
troubles downhole. Petrobras recognized that
automating the data-sifting routine would free
more time for engineering solutions to current
problems and for preventing future difficulties.15

The Schlumberger BlueField team
established a surveillance and diagnostics
system to ease the data burden on the artificial
lift team. The system aggregates real-time
streaming data from surface and downhole
sensors, along with reservoir information and
daily production data. These data can be coupled
with simulation models of any well in the field.
The new system monitors surface and downhole
sensors, and automatically flags any deviations

> The Petrobras GeDIg decision center. The surveillance area (Frame A) includes displays that
highlight well alarms, alerts and variances from KPIs. Proceeding counterclockwise around the room,
the large display screens (Frame B) show results from analytical and simulation software for analysis
and planning. In this area, results from several wells, gathering networks and process facilities can be
analyzed. Also shown is a reservoir model used for planning and developing the fields. A screened-off
conference room (Frame C) contains communication facilities for teleconferencing with the platform
personnel or other asset managers.
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from established setpoints, allowing the team to
quickly identify and respond to potential
malfunctions (below). 

A key problem identified by Petrobras was a
potential for high volumes of sand production,
which could damage Carapeba production
equipment and force costly shutdowns for
maintenance. To avoid sanding complications, all
wells at Carapeba must produce above

bubblepoint pressure (Pb) at the pump intake
with a maximum drawdown pressure of
50 kg/cm2 [710 psi or 4.9 MPa] in front of
perforations. Various KPIs were instituted to
evaluate well performance, such as calculated
productivity index (PI), bottomhole pressure
(BHP) and total liquids flow volume (Qb) versus
time. Other workflows were developed to help
the operator quickly recognize when optimal
production constraints were being violated:

• warnings for wells producing below 
bubblepoint pressure, where BHP < Pb at the
intake pump

• real-time maps of BHP and temperature 
versus depth

• ESP efficiency plots that compare the 
calculated real-time pump head and flow rate
against theoretical curves

• pump health checks to monitor ESP head 
efficiency versus time.
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>Monitoring ESP parameters against preset operating conditions. The
Carapeba surveillance team can use an interactive control screen (main
screen, shown in the original Portuguese, background) to access wellbore
diagrams and performance parameters in great detail. Artificial lift
engineers can examine each well that produces to a given platform to
monitor ESP performance, including downhole pressure, temperature,
electrical amperage, estimated flow rate, and the most recent production
and well-test data. Clicking on a particular well, such as the one highlighted
(blue) opens a dropdown selection of options leading to additional detail on

the ESP. One of these, the real-time indicator window (inset, left), lets the
engineer study numerous parameters such as wellhead pressure and
temperature, choke size, electrical current and frequency at the variable-
speed drive, intake pressure, outlet pressure and motor vibration. Here, the
display of electrical current (red) and wellhead temperature (black) shows
similar trends where temperature drops as power is shut off to the pump.
By clicking on the pump display, the engineer can summon an up-to-the-
minute reading of temperature and electrical current (inset, right). (Adapted
from Henz et al, reference 14.)
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These KPIs are based primarily on input
provided by Phoenix artificial lift downhole
monitoring systems. For wells that did not have
Phoenix sensors, performance was calibrated
using surface well-test data. This surveillance
and analysis workflow has proved vital for
optimizing pump performance, extending mean
time between failures and boosting production. 

Downtime analysis—In this workflow, data
from current and previous well failures and
downtime events at Carapeba are analyzed and
categorized, and each such instance is

prioritized on the GeDIg operations portal
display (above). Asset teams use a DecisionPoint
display to analyze failure trends and forecast
intervention activities. Ensuing variances from
forecasted production rates are identified on a
display that enables managers at GeDIg 
to prioritize and schedule critical resources 
for remediation.

Integrated modeling capability—Improving
performance of the entire asset, rather than that
of individual wells, is key to extending field life

and optimizing its production. Simulation models
are vital for forecasting the performance of the
asset. Rather than running separate simulations
to characterize performance of the reservoir,
well, gathering network and processing facility,
Petrobras wanted the capability to see how
adjustments to any particular component would
affect the rest of the system during various
production scenarios. 

Recognizing that Carapeba asset managers
had been well served by their own in-house
modeling systems, which had been built by

> Planned and unplanned losses. Asset managers can review and analyze events that cause shortfalls in
production. Daily losses for oil production (green, graph top left) and gas production (red, graph top right) are
charted over several months. Such losses can be caused by problems attributed to surface equipment, wellbore
equipment, power supply, processing or flow, among others (pie charts). Asset managers can also track the
duration of the loss by category (bar graph). Strip charts (bottom) display gas loss (red line), oil loss (green line),
duration (pink line) and flow rate (blue line). Wells with losses are listed in boxes (right), along with a catalog of
two-letter failure attribution codes. (Adapted from Henz et al, reference 14.)
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several different vendors, Schlumberger
installed the Avocet Integrated Asset Modeler.
This system was used to coordinate results from
one model and distribute them to others
throughout the system. The Avocet modeler also
accepted spreadsheets as proxy model inputs
and allowed the economic analysis of different
development scenarios.

Executive overview—An executive overview
of the asset combines business views with
operations views to highlight key variances from
the plan. For Petrobras management, this
overview ensures that all work processes lead
toward overall objectives. Managers can quickly
assess the impact of various operations
throughout the asset by examining a
DecisionPoint software portal that displays
overviews of the field operation. Should they
need to delve deeper into a wellbore problem,
the schematics for each well are easily

accessible. The asset surveillance view unites
important status information on ESP operations,
oil and gas separation, power generation 
and other critical processes, giving asset ma-
nagers an integrated overview of relevant
activities (above).

Implementing Intelligence for the Future
Breakthroughs in one technology often give rise
to advances in another. Recent advances in
completion, sensor, communications and
computing technologies are helping the industry
achieve its vision of implementing the intelligent
oil field. However, intelligence is largely a tool for
fine-tuning component performance in response
to constantly changing system conditions. To
achieve the promise of optimal performance from
their assets, E&P companies must integrate their
advanced technologies, coupling detailed wellsite
data with quick-analysis capabilities that reflect

the impact of a decision as it resonates
throughout the entire system—from reservoir to
gathering line.

Those companies that succeed in integrating
their assets must have a clear strategy to guide
the analysis of processes they need to modify.
The ensuing changes can be difficult to
implement, much less accept. But the companies
that succeed in these efforts will be rewarded
with a system in which validated data and
customized workflows serve to improve the
quality of decision making as they continually
optimize their production. — MV
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> Asset surveillance. Rather than concentrating on a single well or platform,
this broad view enables asset managers to monitor key operational
processes and their impact across the entire asset, from Carapeba field to
Vermelho, Pargo and Garoupa fields. Asset managers can track the status
of ESP operations, oil and gas separation, power generation and other

critical processes and have immediate access to component-level
schematics and information when needed. For instance, asset managers
can see that, of the Carapeba wells produced through the PCP-1 and 3
platforms, eight are either shut in or abandoned (red pump icons, PCP-1/3,
upper left). (Adapted from Henz et al, reference 14.)
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November 2006, he is responsible for developing the
Avocet business infrastructure including technical and
tactical support and technical sales. He manages a
team that works with the field and clients to imple-
ment Avocet Integrated Asset Modeler solutions world-
wide. Previously he was project manager, Avocet
Integrated Asset Modeler, SIS, Calgary. Part of the
Schlumberger team since 2002, he has been project
manager for the Merak* Portfolio management prod-
uct line and helped develop Merak petroleum finan-
cials in 2004. Bob is currently focused on collaboration
projects with StatoilHydro SIOR, Abu Dhabi Company
for Onshore Oil Operations (ADCO), Abu Dhabi Zakum
Development Company (ZADCO), Abu Dhabi Marine

Operating Company (ADMA–OPCO) and BG Cairo.
Before joining Schlumberger, he held several manage-
ment positions at Hyprotech Ltd, a software and ser-
vices solutions company based in Calgary. Bob has a
BS degree in chemical engineering from the University
of Calgary.

Mack E. Shippen is a Senior Petroleum Engineer with
Schlumberger Information Solutions in Houston,
where he directs engineering software development
for multiphase production simulation and optimization
applications. He is the product analyst responsible for
identifying business requirements and translating
them into detailed feature specifications for an SIS
project development team. Mack joined Schlumberger
in 2001 as a production engineer. During his career, he
has performed a number of well and surface network-
simulation studies, including dynamic coupling of
reservoir and surface simulation models and real-time
production optimization. He is a recognized expert in
the field of production engineering and has served on
several SPE committees, and was editor of the SPE
Reprint Series on Offshore Multiphase Production
Operations. Mack earned BS and MS degrees in petro-
leum engineering at Texas A&M University, College
Station, where his research focused on multiphase
flow modeling.

Ulisses Sperandio works in Houston as Schlumberger
Business Development Manager for the BlueField ini-
tiative. He has 22 years of experience within
Schlumberger, providing technical solutions and
advice to the oil and gas industry. Ulisses holds a BS
degree in electrical engineering from the Universidade
Estadual de Campinas, São Paulo, Brazil.

Ian Traboulay, Technology Manager for the
Schlumberger BlueField initiative, is based in
Houston. He is responsible for overseeing the
BlueField technology vision, strategy, requirements
and integration. Prior to this assignment, he was the
manager for a joint technology development project
between Chevron and Schlumberger. Ian joined
Schlumberger in 1978 as a field engineer and has
worked in field operations, line management, techni-
cal management, product development, engineering,
manufacturing, and in quality, health, safety and envi-
ronment (QHSE) for several Schlumberger business
segments. During these assignments, he was based in
North and South America, Asia and Europe. Ian has a
BEng degree in electrical engineering and an MBA
degree, both from McMaster University in Hamilton,
Ontario, Canada.

Mike Weber has worked for BP in both upstream and
downstream businesses for more than 32 years. He is
currently Performance Manager, Engineering
Technical Practice, serving in the BP E&P Technology
Group, based in Houston. His background includes
modeling and simulation, optimization, advanced
process control, automation and control systems,
information technology, operator training and project
management. Mike received a BS degree in chemical
engineering from Cleveland State University, Ohio, USA.
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Coming in Oilfield Review

Gas Storage. Advances in intelligent well technology
are helping to revolutionize underground gas storage.
Historically, gas storage has been used to buffer sea-
sonal demand by storing gas during periods of low
usage and withdrawing it during periods of high
demand. No longer driven by seasonal requirements
alone, underground gas storage facilities are now
being called upon to deliver gas within hours or min-
utes after storage. This article describes the role of
these new technologies in developing more efficient,
cost-effective operations, and in helping secure nat-
ural gas as a dependable energy resource.

Zonal Isolation. Safety, environmental and commer-
cial reasons have all combined in recent years to
make reliable zonal isolation more important than
ever before. This article discusses the evolution of
new cements developed to segregate hydrocarbon-
bearing zones throughout a well’s life and beyond. It
will also explain the latest advances in ultrasonic log-
ging tools created to increase operator confidence in
assessing the success of cementing operations.

Smart Materials. Smart materials have properties
that can be changed in a controllable way in response
to changes in the environment. These materials can
perform sophisticated functions, sometimes several
simultaneously. From the standpoint of practical appli-
cations, of greatest interest are materials that convert
mechanical energy to thermal, electric, magnetic and
chemical energy, and vice versa. This article examines
the properties of some smart materials that are find-
ing commercial and oilfield application.

Seismic Inversion. Seismic waves are primarily used
to identify subsurface structure, but they also contain
valuable information about the rock and fluid proper-
ties of the formations they encounter. Seismic inver-
sion, the inverse of forward modeling, uses calibration
information from well logs to extract formation proper-
ties from seismic reflection amplitudes. This article
examines poststack and prestack inversion and pre-
sents examples from 3D, time-lapse and multicompo-
nent surveys. 

Electromagnetic Surveys. Seismic methods provide
information about subsurface structures, but have
weaknesses that electromagnetic surveys can com-
pensate for. Magnetotelluric measurements use natu-
rally occurring electrical and magnetic fields to help
discriminate formations below thick salt, basalt and
carbonate formations. Newer measurements, con-
trolled-source electromagnetic surveys, use man-made
sources to discriminate water from hydrocarbon in for-
mations. This article describes the physics of electro-
magnetic measurements and provides examples of
their use.
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The Earth’s Magnetism: An
Introduction for Geologists
Roberto Lanza and Antonio Meloni
Springer
P.O. Box 14302
Berlin 14197 Germany
2006. 278 pages. $79.95
ISBN 3-540-27979-2

This book reviews the general charac-
teristics of the Earth’s magnetic field
and the magnetic properties of minerals,
and then introduces the myriad 
applications of geomagnetism in the
earth sciences. The authors analyze 
the contribution of geomagnetism in
general geological fields, such as tec-
tonics and geodynamics, and in applied
ones, such as prospecting and pollution.

Contents:

• The Earth’s Magnetic Field

• Basic Principles of Rock Magnetism

• Magnetic Prospecting

• Paleomagnetism

• Magnetic Fabric of Rocks

• Magnetic Signature of the 
Earth’s Crust

• Magnetic Chronology

• Environmental Geomagnetism

• Historical Notes

• Appendix, Index

This compact yet thorough volume
is a welcome addition to the literature.
… The contents go beyond the scope
suggested by the title—a nice thing.

The book serves a purpose beyond
that of more specialized volumes such
as recent ones addressing environmen-
tal magnetism. Designed as an intro-
ductory work, it should serve
admirably as one. … The writing is
engaging and understandable.

Sasowsky ID: Choice 44, no. 7 (March 2007): 1197.

Swimming in Stone: The 
Amazing Gogo Fossils of 
the Kimberley
John Long
Fremantle Arts Centre Press
P.O. Box 158
North Fremantle, Western Australia
6159 Australia
2007. 320 pages. $26.95
ISBN: 1-921064-33-1

Palaeontologist John Long has spent
more than 20 years studying the Gogo
sites of the Kimberley district in
Western Australia. One of the world’s
most significant fossil sites, Gogo con-
tains well-preserved 375 million-year-
old fossilized fishes. These fossils
provide crucial information about the
anatomy of primitive fish at a critical
stage when they were starting to evolve
into the first land animals. The author
describes the mysterious and checkered
history of the sites, telling the stories of
those who discovered the fossils.

Contents:

• Introducing the Gogo Fishes

• War, Germans and Fossils

• Mad Dogs and Englishmen out in the
Midday Sun

• A Monumental Fossil Hunt

• Meanwhile, Back in the Lab

• Like a Fish out of Water

• The 1986 Gogo Expedition

• The Ups and Downs of 
Fossil Hunting

• The Repatriation Problem

• 2001: A Gogo Odyssey

• Evolution, Palaeozoic Fishes 
and Gogo

• Putting the Bite on Gogo Placoderms

• A Fish for the Governor

• The Secret Sex Life of Ptyctodontids

• When Fish Take up Arms

• Rays of Hope—The Gogo Actinopts

• The Tale of the Dagger-Toothed Fish

• Gogo Lungfishes and the Origins of
Air Breathing

• The Strange Fish with Teeth up 
Its Nose

• A Global Gogo Perspective

• Preserving an Ancient Legacy

• We Are All but Highly Advanced
Fishes

• Epilogue: One Perfect Day

• Notes, Acknowledgements, 
Bibliography, Index

Long’s writing style is breezy and
engaging, showing the skill of an
experienced writer. If you ever wanted
to know what can befall you on a fossil-
collecting expedition, it’s all here…

… for those new to the subject, it is
an excellent introduction.

There is also one serious omission:
nowhere can I find a discussion of why
the Gogo fossils are so exceptionally
well preserved.

Ahlberg PE: Nature 447, no. 7140 

(May 3, 2007): 37–38.

Mathematics and Common
Sense: A Case of Creative 
Tension 
Philip J. Davis
A.K. Peters Ltd
888 Worcester Street, Suite 230
Wellesley, Massachusetts 02482 USA
2006. 220 pages. $34.95
ISBN 1-56881-270-0

This book discusses the nature of math-
ematics and its role in society through
33 independent essays that aim to
humanize the discipline of mathematics.
The author argues that mathematics
and common sense derive from the
same source—the inclination to orga-
nize and communicate experience. 

Contents:

• What Is Mathematics?

• Mathematics and Common Sense:
Relations and Contrasts

• How Common Sense Impacts 
Mathematical Reasoning: Some 
Very Simple Problems

• Where Is Mathematical Knowledge
Lodged, and Where Does It 
Come From?

• What Is Mathematical Intuition?

• Are People Hard Wired to 
Do Mathematics?

• Why Counting Is Impossible 

• Quantification in Today’s World

• When Should One Add 
Two Numbers?

• Category Dilemmas

• Deductive Mathematics

• Mathematics Brings Forth Entities
Whose Existence Is Counterintuitive

• “In Principle We Can…”: 
Mathematical Existentialism

• Mathematical Proof and Its 
Discontents

• The Logic of Mathematics Can
Spawn Monsters

• Rules and Their Exceptions

• If Mathematics Says “No” Does It
Really Mean It?

• Inconsistencies and Their Virtues

• On Ambiguity in Mathematics

• Mathematical Evidence: Why Do I
Believe a Theorem?

• Simplicity, Complexity, Beauty

• The Decline and Resurgence of the
Visual in Mathematics

• When Is a Problem Solved?

• What Is Meant by the Word 
“Random”?

• The Paradox of “Hitting It Big”

• Probability and Common Sense: 
A Second Look

• Astrology as Early Applied 
Mathematics

• Mumbo Math

• Math Mixes It Up with Baseball

• Mickey Flies the Stealth: Mathemat-
ics, War, and Entertainment

• The Media and Mathematics Look at
Each Other

• Platonism vs. Social Constructivism

• Mathematics at the Razor’s Edge

[The author] argues passionately
for the relevance of mathematics, yet 
he places it not just in the world of
endeavors, but in the world of ideas. 
… The book contains a wealth of 
wonderful ideas.

… the tone seems a bit uneven
overall, and I often found myself unsure
of the intended audience.

The book might have been more
approachable—and more useful for
anyone wanting to follow up on intrigu-
ing points—had it contained an index,
or a better bibliography and footnotes.

Rockmore DN: American Scientist 96 

(November–December 2007): 540–541.
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Dirt: The Erosion of 
Civilizations 
David Montgomery
University of California Press
2120 Berkeley Way
Berkeley, California 94704 USA
2007. 295 pages. $24.95
ISBN 0-520-24870-0

Montgomery, a geomorphologist who
studies how landscapes change through
time, argues that soil is humanity’s most
essential natural resource and is linked
to modern civilization’s survival. He
traces the history of agriculture from
ancient civilizations to modern times,
showing that when humans exhausted
the soil, their societies collapsed or
they were forced to move on.

Contents:

• Good Old Dirt

• Skin of the Earth

• Rivers of Life

• Graveyard of Empires

• Let Them Eat Colonies

• Westward Hoe

• Dust Blow

• Dirty Business

• Islands in Time

• Life Span of Civilizations

• Notes, Bibliography, Index

… a comprehensive and readable
summary of how civilizations have
depended on the half-meter of life-
generating topsoil that mantles our
continents, and why that dependence
has failed locally in the past and may
do so again across larger scales in 
the future.

Ruddiman W: Geotimes 53, no. 1 

(January 2008): 46.

52 Oilfield Review

NEW BOOKS

Extreme Waves 
Craig B. Smith
Joseph Henry Press, an imprint of
The National Academies Press
500 Fifth Street NW 
Washington, DC 20001 USA
2006. 312 pages. $27.95
ISBN 0-309-10062-3

With the importance of maritime ship-
ping and the growth of offshore drilling
platforms, understanding waves—
particularly tsunamis and the extreme,
or rogue, waves that appear out of
nowhere and tower hundreds of
feet—is more vital than ever before.
The author intersperses explanations of
the complex physics of waves with tales
of contemporary maritime tragedies.

Contents:

• The Calm Sea

• The Four Winds and Waves

• Over the Bounding Main

• Tempests and Storm-Tossed Seas

• Swell

• Terror Waves: Tsunami

• The Southeast Asia Tsunami of
December 26, 2004

• A Confused Sea

• Freaks, Rogues, and Giants

• When the Big Wave Comes: Are
Ships Safe Enough?

• Davy Jones’s Locker

• Appendixes, Bibliography, Index

… Smith has executed an excellent
compilation on ocean waves. He covers
a wide spectrum of information 
ranging from tsunamis (earthquake-
generated waves) to rogue waves
(wind-generated storm waves)…. This
is certainly a well-done, detailed, and
wide-ranging presentation on waves
and their impact on society…. 

Written in an engaging format, the
chapters are filled with documented
real-world incidents that should con-
vince readers of the power, immensity,
and still unrevealed mysteries of the
world’s oceans.

Carr MW: Choice 44, no. 7 (March 2007): 1198.

Basic Environmental and 
Engineering Geology 
F.G. Bell
CRC Press
6000 Broken Sound Parkway NW 
Suite 300
Boca Raton, Florida 33487 USA
2007. 342 pages. $119.95
ISBN 1-42004-472-0

This book outlines the vital role of 
environmental geology and geological
processes in understanding the physical
environment. The author examines the
influence of geohazards, the signifi-
cance of soil and water resources, and
the impact of mining, waste disposal,
pollution and contamination on the
environment, as well as the various
aspects of construction that are
involved in the development of infras-
tructure. In addition to numerous 
practical examples, each chapter has a
comprehensive suggested reading list.

Contents:

• Basic Geology 

• Geology and Planning

• Natural Geohazards

• Water Resources

• Soil and the Environment

• Mining and the Environment 

• Waste, Contamination and 
the Environment 

• Land Evaluation and Site Assessment

• Engineering Aspects of Soils 
and Rocks

• Geology and Construction Materials

• Geology and Construction

Bell… has prepared one of the
most comprehensive basic environmen-
tal and engineering geology books that
this reviewer has encountered….

The terminology reflects current
British usage and therefore differs in
some cases from what an American is
used to, but this creates little difficulty.
All in all, a fine course resource for
either geology for engineers or envi-
ronmental geology, and a quick refer-
ence for those who have forgotten some
of the basics.… Highly recommended.

Dimmick CW: Choice 45, no. 5 

(January 2008): 847.

A Scientist’s Guide to Talking
with the Media: Practical
Advice from the Union of 
Concerned Scientists 
Richard Hayes and Daniel Grossman
Rutgers University Press
100 Joyce Kilmer Avenue
Piscataway, New Jersey 08854 USA
2007. 220 pages. $60.00
ISBN 0-8135-3857-2

The goal of this book is to help scientists
and researchers communicate scientific
findings to a general audience in an
accurate and effective manner. The
authors draw on their expertise in 
public relations and journalism to help
researchers in a variety of fields to
spread their message on their own
terms. Included is information on 
how to translate abstract concepts 
into concrete metaphors and prepare
for interviews.

Contents:

• We Need to Talk

• Hope for the Best, Prepare for 
the Worst

• Why Reporters Do What They Do

• Do You Hear What You Are Saying?

• Mastering the Interview

• A Reporter’s Most Trusted 
Source: You

• Choosing the Right 
Communication Tools 

• The Scientist as Celebrity 
and Activist

• Notes, Resources, Index

[Hayes and Grossman] offer a fine
introduction to the news media and
give pointers on how scientists can
interact effectively with them. The book
is exceptional in its wide variety of
comments, suggestions, and anecdotes
from working scientists, not just from
journalists and publicists.

Maran SP: Physics Today 60, no. 10 

(October 2007): 58–60.
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ARTICLES

Advancing Fluid-Property 
Measurements
Betancourt S, Davies T, Kennedy R, 
Dong C, Elshahawi H, Mullins OC, 
Nighswander J and O’Keefe M.
Vol. 19, no. 3 (Autumn 2007): 56–70.

Asphaltenes—Problematic but
Rich in Potential
Akbarzadeh K, Hammami A, Kharrat A,
Zhang D, Allenson S, Creek J, Kabir S,
Jamaluddin A, Marshall AG, Rodgers RP,
Mullins OC and Solbakken T.
Vol. 19, no. 2 (Summer 2007): 22–43.

The Big Picture: Integrated
Asset Management
Bouleau C, Gehin H, Gutierrez F, 
Landgren K, Miller G, Peterson R,
Sperandio U, Traboulay I and 
Bravo da Silva L.
Vol. 19, no. 4 (Winter 2007/2008): 34–48.

Borehole Seismic Surveys:
Beyond the Vertical Profile 
Blackburn J, Daniels J, Dingwall S, 
Hampden-Smith G, Leaney S, 
Le Calvez J, Nutt L, Menkiti H,
Sanchez A and Schinelli M.
Vol. 19, no. 3 (Autumn 2007): 20–35.

Electric Submersible Pumps
for Artificial Lift Intelligence
Algeroy J.
Vol. 19, no. 4 (Winter 2007/2008): 30–33.

The Expanding Scope of 
Well Testing 
Aghar H, Carie M, Elshahawi H, 
Gomez JR, Saeedi J, Young C, 
Pinguet B, Swainson K, Takla E and
Theuveny B.
Vol. 19, no. 1 (Spring 2007): 44–59.

Fundamentals of Wettability
Abdallah W, Buckley JS, Carnegie A,
Edwards J, Herold B, Fordham E, 
Graue A, Habashy T, Seleznev N, 
Signer C, Hussain H, Montaron B and
Ziauddin M.
Vol. 19, no. 2 (Summer 2007): 44–61.

Intelligent Completions—
A Hands-Off Management Style
Dyer S, El-Khazindar Y, Reyes A, 
Huber M, Raw I and Reed D.
Vol. 19, no. 4 (Winter 2007/2008): 4–17.

Optimal Fluid Systems 
for Perforating
Behrmann L, Walton IC, Chang FF, 
Fayard A, Khong CK, Langseth B, 
Mason S, Mathisen A-M, Pizzolante I,
Xiang T and Svanes G.
Vol. 19, no. 1 (Spring 2007): 14–25.

Optimizing Production from
Reservoir to Process Plant
Barber A, Shippen ME, Barua S, 
Cruz Velázquez J, Garrido Hernández AM,
Klumpen HE, Moitra SK, Morales FL,
Raphael S, Sauvé B, Sagli JR and 
Weber M.
Vol. 19, no. 4 (Winter 2007/2008): 18–29.

Project Management of 
Offshore Well Completions
Caulfield I, Dyer S, Hilsman YG, 
Dufrene KJ, Garcia JF, Healy JC Jr,
Maharaj M, Powers J, Staderoli D, 
Stracke M and Webb T.
Vol. 19, no. 1 (Spring 2007): 4–13.

Reducing Exploration Risk
Camara Alfaro J, Corcoran C, Davies K,
Gonzalez Pineda F, Hampson G, Hill D,
Howard M, Kapoor J, Moldoveanu N 
and Kragh E.
Vol. 19, no. 1 (Spring 2007): 26–43.

Refining Review—A Look
Behind the Fence
Allan D and Davis PE.
Vol. 19, no. 2 (Summer 2007): 14–21.

Regaining Sand Control
Armentor RJ, Wise MR, Bowman M,
Cavazzoli G, Collin G, Rodet V, 
Holicek B, King G, Lockyear C and 
Parlar M.
Vol. 19, no. 2 (Summer 2007): 4–13.

Rocks Matter: Ground Truth 
in Geomechanics
Cook J, Frederiksen RA, Hasbo K, 
Green S, Judzis A, Martin JW, 
Suarez-Rivera R, Herwanger J, 
Hooyman P, Lee D, Noeth S, Sayers C,
Koutsabeloulis N, Marsden R, Stage MG
and Tan CP.
Vol. 19, no. 3 (Autumn 2007): 36–55.

The Science of Tsunamis
Bunting T, Chapman C, Christie P, 
Singh SC and Sledzik J.
Vol. 19, no. 3 (Autumn 2007): 4–19.

A Small World with 
Great Promise  
Angelescu DE, Harrison C, van Hal R,
Wong J, Donzier E, Vancauwenberghe O,
Goodwin ARH, Manrique M and 
Tai Y-C.
Vol. 19, no. 1 (Spring 2007): 60–68.

NEW BOOKS 

Basic Environmental and 
Engineering Geology
Bell FG.
Vol. 19, no. 4 (Winter 2007/2008): 52.

A Different Universe: 
Reinventing Physics from 
the Bottom Down 
Laughlin RB.
Vol. 19, no. 3 (Autumn 2007): 76.

Dirt: The Erosion of Civilizations
Montgomery D.
Vol. 19, no. 4 (Winter 2007/2008): 52.

The Earth’s Magnetism: 
An Introduction for Geologists
Lanza R and Meloni A. 
Vol. 19, no. 4 (Winter 2007/2008): 53.

Extreme Waves
Smith CB. 
Vol. 19, no. 4 (Winter 2007/2008): 52.

Mathematics and Common Sense:
A Case of Creative Tension 
Davis PJ.
Vol. 19, no. 4 (Winter 2007/2008): 53.

The Periodic Table: Its Story 
and Its Significance
Scerri EM. 
Vol. 19, no. 3 (Autumn 2007): 76.

A Scientist’s Guide to Talking
with the Media: Practical 
Advice from the Union of 
Concerned Scientists 
Hayes R and Grossman D.
Vol. 19, no. 4 (Winter 2007/2008): 52.

Swimming in Stone: 
The Amazing Gogo Fossils of
the Kimberley
Long J.
Vol. 19, no. 4 (Winter 2007/2008): 53.

Theoretical Optics: 
An Introduction
Römer H. 
Vol. 19, no. 3 (Autumn 2007): 76.

The Trouble With Physics: 
The Rise of String Theory, the
Fall of a Science, and What
Comes Next 
Smolin L.
Vol. 19, no. 3 (Autumn 2007): 75.

Why Beauty Is Truth: A History 
of Symmetry
Stewart I.
Vol. 19, no. 3 (Autumn 2007): 75.
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